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Executive Summary
For carbon capture and storage (CCS) to be a successful greenhouse gas mitigation strategy,
individual sites should inject CO2 at rates in the order of megatonnes per year. This injection scale is
beyond the experience of currently existing CO2 storage or enhanced oil recovery operations.
Therefore, the potential interactions of these large-scale injections with surrounding geological
structures and consequent associated risks must be predicted accurately.
This project aims to quantify pressure fluctuations and fluid fluxes that could be expected in the far
field for large scale CO2 storage in the Surat Basin in an effort to reduce the risk for implementing
large-scale CCS. The focus of the project is on regional to basin-scale modelling scenarios of the
Precipice Sandstone, the overlying Evergreen seal and potential for impacts to the overlying Hutton
aquifer. The following research outcomes had been set before the project commenced:
1. to constrain the possible range and magnitude of pressure disturbances in the far field of
large-scale CO2 injection schemes for use by operators and regulators to understand the
potential “radius of influence”.
2. to quantify the formation water flux and/or pressure dissipation through “top seal” shale
aquitards in response to increased reservoir pressures within the storage reservoir in order to
understand the potential impacts (or not) on resources in shallower units and for improving
storage capacity estimates.
3. to investigate the potential interference between CO2 injection and extraction of other fluids
(groundwater, oil, coal seam gas) in order to understand the risks, but also the potential for
synergies and beneficial use.
4. to deliver a calibrated regional hydrodynamics model that can provide initial and boundary
conditions for future more detailed site specific models (i.e., geomechanical, reactive
transport, and local-scale reservoir simulations). This criterion was not fully achieved due to
the lack of calibration data and time constraints.
TM

A commercial reservoir simulator (Eclipse300 ) was used to run simulations of CO2 injection into a
water-filled formation. First, a series of simulations were run on a simplistic idealised generic numerical
model to establish the key factors affecting groundwater resources. This was done to understand the
processes and their interaction and it bears no relation to any real CO2 injection site. Later, the
methodology established from these simplistic generic simulations was applied to evaluate the effects
of a large-scale CO2 injection in a more realistic regional Surat Basin model. A static geological model
which was built for the ZeroGen Project was made available by the Queensland Geological Survey for
this study. It should be noted that ongoing geological characterisation of the Surat Basin has since led
to refined interpretation of the geology in some areas; however the regional ZeroGen model was
considered to be sufficient for the purposes of this generic study. The static model did not contain the
Hutton Sandstone and a layer was added above the Evergreen Formation to represent the Hutton
Sandstone. Afterwards the model was upscaled for dynamic simulations. Pressure and salinity
changes at different locations in the groundwater and storage formations were extracted from the
numerical model forecast during and after the simulated CO2 injection. All of the simulations in this
study were at the basin scale and plume-scale effects which require finer scale grids were not
investigated.
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Generic Simulations
We find from the generic simulations that seal permeabilities and the outer boundary conditions are
the most critical parameters which govern lateral or vertical displacement of formation water and
pressure build-up and dissipation. High seal permeabilities and closed (no flow) lateral boundary
conditions favour vertical displacement of formation water. On the other hand, lateral displacement of
formation water is dominant for low seal permeabilities and a constant pressure boundary. Either one
of these end member conditions could be realistic in certain geological settings. In terms of pressure
dissipation, high seal permeabilities and a constant pressure boundary result in the most rapid
pressure dissipation. We observe a significant influence of the seal permeability and outer boundary
conditions on the potential for formation water displacement and pressure dissipation. Hence, a
careful characterisation of top seal permeabilities and outer boundary conditions is required to predict
the formation water flux and/or pressure dissipation horizontally through the reservoir and vertically
through overlying seals in response to CO2 injection. This will require aquifer and seal properties to be
adequately characterised for site-specific injection and adjacent areas.
Generic simulations demonstrate that the CO2 plume displaces most of the free water in a storage
formation in the near vicinity of the injection well, leaving no mobile formation water for potential
vertical migration. As a result, the maximum vertical formation water migration occurs further away
from the injection well location near the edges of the CO2 plume.
In the presence of a vertical conduit (a transmissive fault or fracture), most of the displacement occurs
through this conduit as expected. However, resultant salinity changes in overlying aquifers occur only
locally in the immediate vicinity of the conduit.
Up-dip migration of formation water in a dipping reservoir depends mainly on injection rate, top seal
permeabilities, outer boundary conditions and, to a lesser extent, on the density contrasts between
formation water and supercritical CO2. Low seal permeabilities and high injection rates result in higher
formation water displacement updip within the storage reservoir layer. However, we find that the outer
boundary condition is the deciding factor in up-dip migration. If the down-dip outer boundary is the
constant pressure or is attached to a large aquifer, the displaced formation water tends not to migrate
up-dip. The impact of hydrodynamics conditions was not considered.
Groundwater production causes an additional pressure drop in shallower groundwater formations.
This stimulates additional formation water inflow to groundwater formations by further increasing the
vertical hydraulic gradient. For the storage formation salinity simulated in this study (15,000 ppm), the
increase in groundwater salinity in fresher overlying aquifers remains low. However, these results are
sensitive to the formation water salinity of the storage formation. For storage formation salinities higher
than simulated in this study, the impact of groundwater production may result in correspondingly
higher salinity increase. Note that these increases are expected to be limited only to the immediate
vicinity of the groundwater producer.
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Surat Basin Simulations
Simulations demonstrate that salinity variations in the groundwater formation (Hutton) in response to
CO2 injection in the underlying Precipice are minor and localised, remaining below an increase of 1000
ppm in most cases.. The assumed salinity distribution in the models is most likely higher than the
actual salinity in the Precipice Sandstone according to some of the more recent work (Haese, personal
communication, 2013) who suggests that older higher salinity interpretations may be based on
unreliable water sample quality. However, water chemistry data in the study area, particularly in the
deeper parts of the Precipice Sandstone, are sparse and extreme values for this study were selected
to test the highest or worst-case salinity increase that might be expected. Water production from the
Hutton Sandstone for various other purposes is forecast to cause small additional increases in salinity,
which would have an impact localised around the groundwater producer.
Up-dip salinity changes are small in both the Hutton and Precipice sandstones. This is because the
down-dip part of the model is connected to a large aquifer. This allows formation water to be displaced
out of these boundaries.
There are uncertainties in the permeabilities used in the simulation model. Sensitivity analysis on the
Evergreen and Precipice for a wide range of permeabilities show that, for an injection rate of 1
Mt/year, the increase in groundwater salinities remains well below 500 ppm.
At the end of injection at 1 Mt/year for 30 years (base case scenario), the pressure build-up can be
observed at distances ranging from 35 to 75 km away from the injection site. After the injection stops,
pressure dissipates due to vertical and lateral formation water displacement and the radius of influence
reduces to, for example, 4.5 km after 70 years post injection. Note that the maximum pressure build-up
in the Precipice Sandstone is simulated to be about 6 MPa (870 psi) near the injection well assuming an
injection rate of 10 Mt/year and 4 MPa (580 psi) at 10 km from the injection well.
3

For the base case scenario, at the end of injection, about 18 million m of formation water migrate
vertically into the groundwater formation from the seal and storage formation, whereas about 25
3
million m of formation water flow horizontally out of the study area. Formation water migration
continues during the post-injection period with a declining rate until injection pressures have fully
3
dissipated, increasing the formation water migration by about an additional 10 million m in both
vertical and lateral directions at 70 years post injection.
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1. Introduction
For carbon capture and storage (CCS) to be a successful greenhouse gas mitigation strategy using
geological formations, individual sites will require CO2 injection rates in the order of million tonnes per
year (Mt/year) (Holloway, 2005). Such a large-scale injection of CO2 volumes can be carried out by
ensuring that the injected CO2 is stored safely in the storage formation and neighbouring natural
resources such as groundwater formations are not adversely affected. Therefore, the potential impact
and risks of these industrial-scale injection schemes can only be assessed in advance of injection by
using predictive numerical modelling methods. Accurate prediction of sub-surface pressure in
formation water during and after injection will be important for large scale CCS projects, but little work
has been done on this topic to date.
The pressure front associated with CO2 injection will extend beyond the actual CO2 plume, potentially
displacing saline formation water laterally within the same aquifer or vertically into and ultimately
across the overlying aquitard. The vertical migration of formation water from the storage interval may
displace formation water in the aquitard into an overlying groundwater formation. The ensuing mixing
of waters with different salinity and chemical composition may result in water-water and water - rock
interactions that may affect groundwater quality and hydraulic rock properties through mineral
precipitation/dissolution processes. Therefore, a key aspect of CO2 storage in saline aquifers is
optimising usage of pore space, i.e., considering combined effects of natural gas & oil production and
storage, the potential interference with hydrocarbon production from nearby fields and the impact on
groundwater resources. These impacts and associated risks need to be constrained within a range of
predefined uncertainties to address regulatory concerns and enable regulators to learn from industry
knowledge and thereby provide regulatory confidence.
This project aims to quantify pressure fluctuations and fluid fluxes in the far-field of a theoretical largescale CO2 storage project in the Surat Basin to conduct a sensitivity analysis and assess the scale of
what may be required as the “area of review” or “radius of influence”. The project investigates the
sensitivity of natural groundwater flow systems to the injection of large volumes of CO2, using an
established regional geological framework and representative hydraulic parameters. The basin-scale
modelling results are compared with outcomes from similar studies reported in the literature, which
helps in better constraining the extent and magnitude of expected pressure and flow fluctuations.
Further outcomes include the identification of sensitive parameters and the role of boundary conditions
on simulation results.
The focus of this project is on regional- to basin-scale modelling scenarios of the Precipice Sandstone,
the overlying Evergreen seal and the potential response within the overlying Hutton aquifer. The
following research outcomes had been set before the project commenced:
1. to constrain the possible range of the extent and magnitude of pressure disturbances in the far
field of large-scale CO2 injection schemes for use by operators and regulators to establish a
“radius of influence”.
2. to quantify the formation water flux and/or pressure dissipation through shale aquitards in
response to increased reservoir pressures for estimating potential impacts on resources in
shallower units and for improving storage capacity estimates.
3. to investigate the potential interference between CO2 injection and extraction of other fluids
(groundwater, oil, coal seam gas) for establishing risks, but also the potential for synergies
and beneficial use.
4. to deliver a calibrated regional hydrodynamics model that can provide initial and boundary
conditions for future models (i.e., geomechanical, reactive transport, and local-scale reservoir
simulations).This criterion was not fully achieved because of the lack of calibration data and
time constraints.

1

We use numerical reservoir simulations to assess the lateral and vertical displacement of formation
water and the pressure dissipation resulting from CO2 injection in a saline aquifer. Hydraulic
communication between CO2 injection projects and overlying groundwater formations results in
vertical displacement of formation water into the groundwater formations to some degree.
Furthermore, production from groundwater is expected to further stimulate formation water migration
into the groundwater formation. To assess to what degree this is likely to occur, we track the predicted
salinity changes (from the numerical simulation) in the groundwater formation. The results from this
study quantify the impact of CO2 injection on groundwater resources in terms of pressure and salinity
variations.
This report first presents a literature review on the impact of CO2 storage on groundwater formations.
The previous studies have been conducted assuming different simulation parameters. For example,
some studies simulated CO2 plume scale displacement (Lee et al., 2010), whereas only a few
considered basin-scale displacement processes. Another difference in these studies is the treatment
of outer boundary conditions. Interestingly, the conclusions drawn from these studies depend strongly
on the simulation parameters assumed. In addition, none of the previous studies takes into account
the quantitative changes in the salinity of groundwater which is one of the important measures in
groundwater impact assessment.
After the literature review the report presents generic simulation results. The aim of running generic
simulations is to define the methodology and assess parameter sensitivities for the following Surat
Basin simulations. We use the Surat Basin as an example case to conduct further sensitivity analyses.
We focus on the Wandoan area in the Surat Basin. The Wandoan area is important with respect to
CO2 storage in the Surat Basin because it contains the potential injection target for the Surat CCS
Project. Garnett et al. (2012) used the Monte Carlo simulation and found that P50 estimates of the
injectivity in ZeroGen’s tenements in the Surat Basin vary from 0.2 to 2.4 Mt/year. Hurter et al. (2012),
using numerical simulations, found the injectivity to be lower than 2 Mt/year. However they used
closed boundary conditions in their simulations which may have underestimated injectivity.

2. Literature Review
In this section, we present a brief summary of published work on the displacement of formation water
with injected CO2, pressure dissipation towards surrounding formations and its impact on groundwater
flow and the migration of displaced formation water into groundwater resources. This literature review
will provide a context for comparison of subsequent modelling.

2.1. Displacement of formation water with injected CO2
CO2 injection into a saline aquifer displaces the resident formation water in the storage formation away
from injection wells. This creates two-phase regions around the injection wells. The two-phase region
containing both formation water and free supercritical CO2 is generally referred to as the CO2 plume.
Fig. 1 shows the various regions of influence around the carbon storage complex caused by
CO2/formation water displacement in the horizontal and vertical directions (Birkholzer et al., 2009).
The figure shows that the footprint area of the elevated pressure is much larger than the CO2 plume.
The injected CO2 causes the resident formation water to be displaced radially away from the injection
location. Due to the low compressibility of formation brine, the pressure build-up created by CO2
injection at the well will be transmitted to the surrounding regions much faster than the migration of the
2
CO2 plume (Figure 1). Zhou et al. (2010) estimated that for 100 km of the CO2 plume area the

2

2

elevated pressure area should be of the scale of 100,000 km . This has generally been referred to in
the literature as the ‘basin-scale influence’. In the past, most of the studies have been devoted to
investigating the transport phenomena at the plume scale. However, recently an increased attention is
being paid towards the basin-scale migration of formation water.

Figure 1: Schematic representation of different regions of influence related to CO2 storage
(Birkholzer et al., 2009).

2.2. Modelling pressure build-up and dissipation and its
impact on groundwater resources
As discussed in the previous section, pressure build-up in the storage formation during CO2 injection
controls the displacement of the resident brine. Hence, the estimation of pressure build-up is vital in
assessing any impact of CO2 storage on groundwater resources. The pressure build-up can be
predicted using numerical or analytical models based on the modelled input assumptions. The
development of such models has been a focus for a number of recent studies (e.g., Mathias et al.,
2009, 2011, Ehlig-Economides and Economides, 2010). The reported factors that control pressure buildup include external boundary conditions of the storage formation, dissolution of CO2 in formation brine,
pressure interference between injection wells, multi-phase flow properties (e.g., relative permeability,
capillary pressure), drying-out/salting-out and any water migration from the storage formation.

3

In some studies, the “closed formation” boundary condition was assumed instead of a storage
formation with infinite-acting or constant pressure outer boundary (Flett et al., 2008, Yang, 2008,
Ehlig-Economides and Economides, 2010, Alkan et al., 2010, Neal et al., 2011, Oldenburg and
Rinaldi, 2011). It was a common finding of these studies that the closed boundary condition leads to a
higher pressure build-up in the storage formation, resulting in lower injectivity and lower storage
capacity. A constant pressure or infinite-acting boundary condition provides higher injectivity because it
allows lateral outflow of the fluids across the aquifer boundary. Flett et al. (2008), Yang (2008), Esposito
and Benson (2011) and Neal et al. (2011) studied the use of relief wells to improve injectivity. Alkan et al.
(2010) found that, for the same rate of CO2 injection, the maximum pressure in a closed formation at the
end of the injection period becomes almost twice the pressure of an infinite-acting formation.
Chadwick et al. (2009) showed in a simulation study that CO2 injection with flow barriers rapidly
increases pressure build up. Hence, the CO2 injection into heterogeneous systems requires a more
careful characterisation. They assumed an infinite-acting aquifer in their study. In an attempt to identify
the optimal heterogeneity resolution in reservoir simulations of CO2 geological storage, modelling
results by Li et al. (2011) indicate that a relatively simple, layered model may be adequate for the
prediction of pressure increase. However, for calculating injection performance metrics as well as for
determining the shape of the CO2 plume, a more detailed, geologically heterogeneous facies model is
required (Li et al., 2011).
Zakrisson et al. (2008) emphasized the impact of considering well interference in designing a multiple
injection site. They varied well spacing and formation permeability to demonstrate the interplay
between various wells and its effect on CO2 injectivity. Zhou et al. (2010) simulated multiple injection
sites within the Mt. Simon Sandstone Aquifer in the Illinois Basin. They found that CO2 plumes at
different sites do not interfere. However, the pressure transient moves quickly away from the injection
site, leading to pressure interference. All this work suggests that the pressure interference must be
considered in designing an injection strategy and will be site-specific.
A few sensitivity studies have been conducted to understand the effect of various rock and fluid
properties on fluid displacements. McPherson and Lichtner (2001) studied a large-scale CO2
sequestration operation in the Powder River Basin of Wyoming. They examined the sensitivity of the
extent of lateral displacement on the permeabilities of storage formation and the seal and found that
the lateral migration highly depends on both permeabilities. Birkholzer et al. (2009) conducted a
sensitivity study and found that pressure dissipation and vertical fluid fluxes are a strong function of
seal permeability. Cinar et al. (2009) studied CO2 injection using multiple wells in the Bowen Basin,
southeast Queensland. They ran various sensitivities on CO2 injectivity and found that it is strongly
dependant on the grid size and refinement, aquifer strength, formation permeability, relative
permeabilities, end-point saturations, faults or flow barriers and the type of the aquifer model used
(analytical /numerical): Analytical aquifer models do not simulate outflow of CO2.
Alkan et al. (2010) examined the impact of capillary pressure on CO2 injection into saline aquifers and
its coupling with drying-out and salting-out. They concluded that, in extreme cases where capillary
forces dominate the CO2-formation water displacement and formation water is of high salinity, there is
potential for the pore space to be blocked totally. Cases like this may affect an injection scheme
dramatically and deserve to be investigated thoroughly for any specific site.
Yamamoto et al. (2009) found from numerical simulations that fluid migration through the top seal rock
and induced pressure build-up in overlying groundwater formations should be minor. But, they
emphasized that their findings are strongly sensitive to seal properties. They assumed a storage
formation of constant pressure outer boundary in their simulations.

4

2.3. Formation water migration pathways and processes
2.3.1. Vertical migration through top seal rock
Migration of formation water through a top seal rock into the overlying formation is expected to be a
single-phase flow (Birkholzer et al., 2009). This suggests that it is important to consider possible water
outflows from the storage formation towards the groundwater resources.
Chabora and Benson (2009) analytically studied the pressure behaviour in the overlying formations
resulting from vertical migration of formation water from the storage interval and intervening aquitard.
They defined a dimensionless number denoted as the detection factor (DF) which depends on top
seal, storage formation and fluid properties i.e. formation thickness, permeability, porosity,
compressibility, injection rate, injection duration, radial distance between monitoring zone and injection
well as well as fluid density.

𝐷𝐹 = 𝑠𝑓.

𝑄𝑡
𝑟

.

1

.

1

.

𝑘𝑐

(1)

𝑆𝑠 𝑘𝑠 ℎ𝑠 𝑆𝑚 𝑘𝑚 ℎ𝑚 𝑆𝑐 ℎ𝑐

where sf = shift factor, Q = injection rate, t = injection duration, S = specific storage, k = permeability, h
= thickness, the subscripts s, m and c represent storage reservoir, monitoring zone and cap rock,
respectively. Note that sf represents arbitrary scalar shift factor, which may be used to shift the range
of DF. The value of DF is a quick estimate that shows whether or not pressure monitoring in the
overlying formations is required for a particular CCS project. Fahrner et al. (2012) showed that
migration through the top seal may change pH, inorganic contents and hydroelectric conductivity of
the groundwater formation within hours of start of injection. Hence, these parameters can be used to
monitor the migration of formation water.
Zhou et al. (2010) concluded that groundwater production which creates additional pressure sinks in
the groundwater formation should also be considered in an effective simulation of formation water
migration. They also assumed a storage formation of constant pressure outer boundary.
Cavanagh and Wildgust (2011) argued that no zero-permeability should be assigned for the top seal
rock. Otherwise, storage capacity and injectivity of CO2 in the storage formation can be
underestimated. They noted that appropriate top seal rocks can be considered perfect seals for CO2
due to the capillary threshold pressure but they potentially allow formation water to pass through in the
form of single-phase flow/diffusion.

2.3.2. Migration within lateral extent of storage formation
Nicot (2008) studied CO2 storage-stimulated pressure build-up in the Gulf Coast Basin, Texas. He
used closed boundary condition at the down-dip boundary of his model. He found that potential
formation water migration to groundwater resources located up-dip makes it necessary to study the
lateral extent of formation water displacement. Induced water-level changes in the investigated Gulf
Coast aquifer were predicted to be on the order of magnitude of seasonal and inter-annual variations.
For the simulations, he used a single-phase flow model; hence did not account for the CO2 plume
leakage and cap rock integrity.
According to Zhou and Birkholzer (2011), a full-scale deployment of CCS would result in volumetric
rates and cumulative volumes of CO2 injection that are comparable or even higher than those
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associated with existing petroleum and other subsurface injection operations. The resulting pressure
build-up is constrained by (Zhou and Birkholzer, 2011):
•

Lateral pressure propagation within the storage interval;

•

Reduction in pressure build-up due to migration of formation water into over- and underlying
confining units;

•

Boundary effects at basin margins; and

•

Composite effect of pressure build-up at multiple injection/production sites.

The Mount Simon Sandstone injection simulations indicate that the resulting radius of pressure
increase of 100 kPa (14.5psi) and 10 kPa (1.45 psi) after 50 years in an open system is approximately
100 km and 200 km, respectively (Birkholzer and Zhou, 2009; Zhou and Birkholzer, 2011). Although
their modelling predicts slight pressure increase and formation water displacement in shallow
groundwater bearing parts of the Mount Simon Sandstone, these are less than the impacts induced by
long-term production of overlying freshwater aquifers (Zhou et al., 2010). In comparison, simulations of
CO2 injection (10-20 Mt over 50 years) into a compartmentalised, hence semi-closed, aquifer, the
Bunter Sandstone in the southern North Sea Basin, predict a pressure increase of > 1000 kPa over
2
most of the 12,000 km area, resulting in 1.4 to 8.5 million cubic meters of formation water (slightly
less than the reservoir volume of CO2 injected) discharge at the sea floor (Noy et al., 2012). The
contrasting results in these studies with respect to the order of magnitude of pressure build-up and
formation water displacement show that it is important to properly assess and define boundary
conditions including the hydraulic properties of confining units.

2.3.3. Formation water migration through conduits (existing wells / faults)
The migration through vertical conduits such as an abandoned well or leaky faults/fractures has also
attracted some research interest (McPherson and Lichtner, 2001, Nordbotten et al., 2005, Class et al.,
2009). Pressure build-up in the storage formation may also activate some sealing faults (Soltanzadeh
and Hawkes, 2012). McPherson and Lichtner (2001) studied the migration of CO2 through fractures in
the seal. They found that the supercritical CO2 migration through the fractures is negligible compared
to the dissolved phase CO2 migration. Nordbotten et al. (2005), Class et al. (2009) Humez et al. (2011)
and Watson et al. (2012) discussed CO2 plume migration without examining the formation water
migration to groundwater resources. Fluid migration through abandoned wells can occur because of
damaged casing or cement failure or along the interface of the materials such as the interface of
casing and cement (Nordbotten et al., 2005).
Oldenburg and Rinaldi (2011) studied the upward formation water displacement through a vertical
conduit which represents a damaged well or leaky fault. They found that the formation water flow does
not only depend on the pressure generated by the CO2 injection but also on the density of the
formation water relative to surrounding groundwater. The density of the formation water is a function of
temperature and salinity. Because heat can flow through solid, heat transfer occurs at a much faster
rate relative to the flow of the brine. This plays an important role in formation water migration. They
found the following possible flow patterns through the vertical conduit:
•

If the pressure build-up in the storage formation is small or the salinity of the storage formation
water is high, the formation water may move up in the conduit until it finds a new hydrostatic
equilibrium, perhaps before reaching an overlying groundwater formation.

•

If the pressure build-up in the formation is high or the salinity of the formation water is low, the
formation water may move up through the conduit and enter the groundwater formation. Once
the formation water cools down, its density increases which may be sufficient to overcome the
pressure increase in the storage formation. In this case, it should start flowing back into the
storage formation. But, this formation water may heat-up again and restart upward flow. This
cycle may repeat itself for hundreds of thousands of years.
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Oldenburg and Rinaldi (2011) noted that these results are sensitive to the boundary conditions. For
the constant pressure boundaries of the storage formation, lateral displacement of the fluids is
dominant and upward flow is minimal.
Birkholzer et al. (2012) modelled formation water migration into a low temperature drinking water
aquifer via a leaky well. They found that a minimum pressure build-up is required for a continuous flow
of high density formation water to move vertically up through the leaky well. They defined this pressure
as threshold pressure. They used a non-isothermal model which allows change in the formation water
density as it migrates upward through the well. Bandilla et al. (2012) used a semi-analytical approach
to estimate the threshold pressure and the area of potential impact (AoPI), where the pressure is
above the threshold. Their sensitivities show that vertical migration strongly depends on the salinity of
storage formation and the distance between storage and drinking water formations.
Hu et al. (2012) used a coupled wellbore-reservoir simulation approach to study formation water
migration through a wellbore. They found that the formation water migration is a function of pressure
build-up and water salinity. The higher the salinity, the lower the upward displacement of the formation
water. Walter et al. (2012) and Noy et al. (2012) used high-permeability grids in the seal rock to
represent vertical faults/fractures. They concluded that the presence of such a high-permeability
medium reduces the lateral displacement of formation brine. Walter et al. (2012) further suggested
monitoring salinity changes in the groundwater formation to track formation water migration.

2.4. Current issues with modelling formation water
migration from a storage formation
The literature review underlines the following points:
•

Injectivity and storage capacity of a formation is highly sensitive to numerous rock and fluid
properties and injection design. It is, therefore, important to run sensitivities on various
properties to assess their effects on injectivity and resulting pressure increase for a given
volume of CO2 storage.

•

Formation water displacement appears to be an important phenomenon for understanding
groundwater quality in relation to CO2 storage.

•

Formation heterogeneity and outer boundary conditions need to be understood well because
they can significantly affect the pressure increase in the CO2 storage system.

•

Capillary properties of both the storage formation and the seal can have a significant influence
on the system response for a given CO2 storage volume.

•

Previous studies, to our knowledge, have not specifically simulated variable formation water
salinities in flow simulations investigating the impacts of CO2 injection. There still exists a clear
need to construct a robust methodology to quantifiably investigate the impacts of carbon
storage on groundwater resources.

•

The adequacy of input assumptions is critical to model predictions. Due to uncertainties in the
modelling parameters, current simulation results also have uncertainties associated with
modelling the changes in formation water flow in response to CO2 injection.
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3. Generic Simulations
The behaviour and response of injected CO2 with the indigenous formation water and rock framework
involves the complex interactions of multi-phase fluid flow within a large heterogeneous body of
porous media at subsurface pressure, temperature and stress conditions. In order to understand the
sensitivity of the system response to various parameters it is important to first study this within a very
simplistic model where a number of variables can be independently controlled. Once a systems
understanding is gained, the learning can then be used to more confidently interpret observations of a
more realistic complicated system. Here in this section of the report we create a generic and simplistic
model to accomplish the first step. It should be stressed that this model does not represent any
particular real world carbon storage scenario.
TM

We use Eclipse300 , a commercial compositional simulator, to model CO2 injection into a saline
storage formation. We use a 2D vertical cross-section with a Cartesian grid which consists of four
layers of storage formation overlain by a double layered seal and a groundwater formation. The areal
extent of the numerical grid is 20 km × 20 km. Each layer in the grid is 25 m thick. There are four
observation blocks in the storage and groundwater formations which are at 0.0, 1.0, 5.0 and 10.0 km
away from the injection site, as shown in Figure 2. For the base case, the porosity and horizontal
permeability of the aquifer are assumed to be 0.15 and 100 mD, respectively. The porosity and
permeability of the top seal are set at 0.02 and 0.001 mD, respectively. The permeability in the vertical
direction is one order of magnitude smaller than in the horizontal direction.
Pure CO2 is injected at 0.94 Mt/yr into the bottom 3 layers of the storage formation. Simulations are
run for 100 years with 30 years of injection period i.e. 0.5% of the pore volumes (PV) injected. After
injection is ceased simulations are run an additional 70 years to observe pressure dissipation and
salinity changes at the observation blocks. We use the formation and fluid property data reported by
Alkan et al. (2010). The initial pressure is assumed to be hydrostatic with 12 MPa at the top of the
storage formation. The entry and fracture pressures of the seal are assumed to be 12 and 25 MPa,
respectively. A closed outer-boundary condition is assumed for the base case. The salinity in the
groundwater formation is assumed to be zero with 15,000 ppm salinity in the seal and storage
formations. The relative permeability and capillary pressure curves used for the aquifer and the top
seal are shown in Figure 3 and Figure 4.

Injection well
1. km

Observation Blocks
5. km

10. km

Groundwater Formation
Top Seal

Storage Formation

Figure 2: Numerical model used in generic simulations; the injection interval is shown with the
horizontal red lines.
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Figure 3: Relative permeability curves used in simulations Alkan et al. (2010).

Figure 4: Capillary pressure curves used in simulations Alkan et al. (2010).
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3.1. Sensitivity Analysis
We run sensitivity analysis on seal permeability, injection rates, outer boundary conditions,
groundwater production and to a vertical conduit through the seal (i.e. if a leaky fault were to occur).
As discussed before, the objective of these simulations is not to observe migration of the CO2 plume
but displacement of formation water due to changes in formation pressure. Hence, we make sure that
in each of our realisations the pressure build-up does not exceed the seal entry or fracture pressure.
Figure 5 shows CO2 plume at the end of 100 years for the base case.

Figure 5: CO2 plume in the storage formation after 100 years– base case (not to scale).

3.1.1. Seal permeability
To understand the sensitivity of the system to seal permeability, we keep all the parameters the same
-1
-3
-6
as the base case except for the top seal permeability. We use 10 , 10 , 10 and zero mD for the top
seal permeability. Figure 6 shows the change in salinity at different locations in the groundwater
formation after 100 years and Figure 7shows the pressure build-up in the groundwater and storage
formations. In Figure 6 and Figure 7, the x-axis refers to the lateral distance between the injection site
and the observation blocks.
The results show that no change in the pressure and salinity of the groundwater formation is observed
-6
for the top seal permeabilities of 10 and zero mD. Hence, the top seal permeability less than or equal
-6
to 10 mD acts as a “perfect seal” for formation water flow across the 100 yr timeframe at the given
injection volumes. Pressure build-up in the groundwater formation (above the top seal) increases as
the seal permeability increases because higher seal permeabilities allows the storage formation water
to enter the seal, displace the water in the seal which, in turn, invades the groundwater formation. At
the same time, lateral formation water displacement in the storage formation becomes weaker which
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causes less pressure build-up in the storage formation. These results suggest that pressure
dissipation and displacement of the resident formation water are a strong function of seal permeability.
The maximum change in salinity (in the aquifer above the top seal) is 185 ppm for 0.1 mD. We note
that the salinity variations above the top seal are less near the injection well location as compared to
1km distance from the injection site (Fig. 6). The reason for this is that the CO2 plume displaces most
of the free formation water away from around the injection well in the storage formation, leaving no
resident formation water for vertical formation water movement. This phenomenon is discussed in
more detail in the next section.
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5

Figure 6: Effect of seal permeability on the groundwater salinity after 100 years, as extracted from
the simulation results at the “observation” locations (see Figure 2).
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Figure 7: Pressure build-up in the groundwater (top) and the storage (bottom) formations after 100
years – Top seal permeability effects, as extracted from the simulation results at the “observation”
locations (see Figure 2).
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3.1.2. Injection rates
To understand the sensitivity of the system to injection rate, we vary injection rates (1.88, 0.94, 0.47
and 0.188 Mt/year) to observe their effect on the transient groundwater salinity distribution. The seal
-3
permeability is kept constant (10 mD). This high value of seal permeability is selected so that there
will be a change in salinity observable in the aquifer above the top seal. We observe that, for 0.188
and 0.47 Mt/year, the groundwater salinity reaches a maximum value at 1 km away from the injection
well location whereas, for 0.94 and 1.88 Mt/year, this occurs at 5 km (Figure 8). The reason for this is
that, for the 0.188 and 0.47 Mt/yr cases, the gas plume displaces most of the free water around the
well in the storage formation, reducing the water saturation down to its residual value. Hence, in the
storage formation, the water relative permeability becomes zero around the injection well. This stops
the vertical migration of water in that region. As a result, water migration has to occur from the area of
higher water saturation, i.e. beyond the gas plume. Therefore, the maximum vertical formation water
displacement occurs beyond the displacement front. Figure 9 supports our theory; the figure shows
the location of the gas plume in the storage formation and the salinity distribution in the groundwater
formation after 100 years. The salinity increase in the groundwater formation is low just above the plume
because of the limited vertical displacement of brine. For the cases of high injection rates, the maximum
migration occurs even further away from the injection well. Pressure build-up increases with increasing
injection rates in both storage and groundwater formations (Figure 10). However, the maximum pressure
build-up (8 MPa) is still below the seal entry and fracture pressures (12 MPa and 25 MPa).
Salinity variations in the groundwater formation are gravity dependant. Migrating formation water is
heavier than the freshwater it invades which causes migrating formation water to settle at the bottom
of the groundwater formation. Hence, migrating formation water changes the salinity only of the
deeper part of the groundwater formation (Figure 9). In Figure 9 the vertical dimension of the grid is 25
m. So the salinity values shown in Figure 9 are an average of the 25-m thick section. To investigate
this further, we make a sensitivity analysis on the vertical resolution in the groundwater formation
(Figure 11). Vertical grids of 25, 5, 2.5 and 1 m give 25, 5, 5 and 3 m of affected zone in the
groundwater. A refined grid of 1 m gives a salinity change of up to ~2,700 ppm (approx.) as compared
to ~120 ppm (approx.) when a grid resolution of 25 m is used.
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Figure 8: Effect of injection rate on the groundwater salinity, as extracted from the simulation
results at the “observation” locations (see Figure 2).
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Figure 9: Salinity distribution in the groundwater formation after 100 years (1.88 Mt/year).
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Figure 10: Pressure build-up in the groundwater and storage formations after 100 years – Injection
rate effects, as extracted from the simulation results at the “observation” locations (see Figure 2).
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Figure 11: Effect of vertical resolution on salinity distribution in the groundwater formation after 100 years.
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3.1.3. Constant pressure outer boundary
In this section, we compare the impact of the outer boundary conditions (i.e., closed vs. constant
pressure boundaries) on the formation water displacement. We find that the closed boundary condition
leads to more vertical migration into the groundwater formation while the constant pressure boundary
condition allows more lateral displacement of resident formation water. For the given conditions, the
pressure build-up in the storage formation is expected to be higher in a closed formation than a
formation with the constant pressure boundary condition. As a result, in a closed storage formation,
more formation water moves into the groundwater formation and increases its salinity (Figure 12).
Figure 13 compares the pressure behaviour in the model at 1km distance from the injection site. As
expected, the formation with the constant pressure boundary experiences much smaller pressure
build-up. Note that for the constant pressure boundary condition, pressure dissipates fairly rapidly
compared to the closed boundary condition. The constant pressure boundary allows outflow of
formation water (Figure 14) and this causes the pressure levels to go back to the initial values rapidly
after stopping injection. For closed boundary conditions, pressure drops much slower and never
reaches the initial value in the 100 years simulation period.
These two boundary conditions set the end members cases for lateral or vertical displacements. If the
rest of the constraints are fixed, the constant pressure boundary condition results in a maximum lateral
displacement and fastest pressure dissipation rate but a minimum migration through the top seal. In
contrast, the closed boundary condition leads to a minimum lateral displacement and slowest pressure
dissipation rate but a maximum migration through the top seal.
In a more realistic scenario, the area under consideration is a part of a large aquifer. Hence the outer
boundary of the simulated area should be connected with an analytical or numerical aquifer. If the
attached aquifer is much larger than the simulated area, the outer boundary will behave more like a
constant pressure boundary. Otherwise if the attached aquifer size is small, the outer boundary will act
closely to a closed boundary condition. Hence, the realistic values of pressure dissipation and
volumetric displacement for a particular site would be between the constant pressure and closed
boundary conditions. Given the extreme contrast in the results for closed and constant pressure
boundaries (Figure 12 to Figure 14), the volume of aquifer body attached to the simulated area is an
important quantity.
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Figure 12: Effect of outer boundary conditions on the groundwater salinity, as extracted from the
simulation results at the “observation” locations (see Figure 2).
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Figure 13: Pressure build-up in the groundwater and the storage formations.
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Figure 14: Formation water volume leaving the simulation model - constant pressure boundary for
the entire thickness.

3.1.4. Groundwater production
Groundwater production from the aquifer above the top seal creates additional drawdown and an even
higher vertical pressure gradient between the groundwater and storage formations (Figure 15). This
combined effect further enhances the migration of formation water into the groundwater formation
(Figure 16). The groundwater producer is located 5.0 km away (in the model) from the injection
well laterally.
Groundwater production increases the migration of the formation water into the groundwater formation
3
but the resultant salinity changes are relatively small. Groundwater production of 260 m /day only
causes the salinity to change an additional 30% from 56 ppm to 76 ppm (Figure 16). However, these
results are sensitive to the storage formation salinity (15,000 ppm in this case). For example if the
salinity of the water in the storage formation is 150,000 ppm then zero groundwater production will
3
result in a maximum salinity in the groundwater to increase up to 560 ppm and 260 m /day
groundwater production will increase this value to 760 ppm. If the salinity in the storage formation
is 1,500 ppm, then the salinity of the overlying groundwater would increase by only 5.6 and 7.7 ppm,
respectively.
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Figure 15: Pressure build-up in the groundwater formation, 5 km away from the injection well –
effect of groundwater production.

Figure 16: Salinity changes in the groundwater formation, 5 km away from the injection well – effect
of groundwater production.
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3.1.5. Formation water migration through a vertical conduit
We introduce a 40 m wide high permeable section (100 mD) in the top seal formation which
represents a vertical conduit (i.e. a leaky fault, casing cement leakage). We consider two scenarios,
one with the vertical conduit 1 km away from the injection well and a second with the vertical conduit 5
km away from the injection well.
Figure 17 shows clearly that most of the migration occurs through the vertical conduit. Although the
resultant increases in groundwater salinities are above 500 ppm, considerable changes occur only in
the immediate vicinity of the vertical conduit.
If the conduit is away from the injection well, the migration is slightly lower. But the values are quite
similar because closed outer boundary conditions result in similar pressure build-up at 1km and 5km
distance from the injection site.

5500
Conduit at
1km

Salinity (ppm)

No
Conduit
Conduit
at 5km

0
0

1
Distance (km)

5

Figure 17: Salinity changes in the groundwater formation – effect of a vertical conduit, as extracted
from the simulation results at the “observation” locations (see Figure 2).
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3.1.6. Up-dip migration
To study up-dip migration and the impact of density driven flow, we introduce a formation dip with an
angle of 4.5 degrees at the centre of the model depicted in Figure 18. The groundwater formation has
fresh water. However, the storage formation salinity varies from 15,000 ppm (down-dip) to 0.0 ppm
(up-dip) as shown in Figure 18. We observe the salinity at the up-dip observation block located in the
storage formation. The injection well is located in the centre of the leftmost grid block.

Injection
well

0.0 ppm
3,000 ppm

Observation
Grid
Block

15,000 ppm
Figure 18: Salinity distribution in the sloping model.
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-3

-6

In this sensitivity test, we use three different top seal permeabilities, namely, 10 , 10 and 10 mD
and three different outer boundary conditions to track salinity changes at the observation block:
1. Right hand side boundary is set at a constant pressure,
2. All boundaries are closed,
3. Both up-dip and down-dip lateral boundaries are set at constant pressures
-1

If the top seal permeability is high (e.g. 10 md), the vertical fluid displacement is dominant compared
to the lateral displacement. Hence, the salinity change at the observation block is low (Fig. 19). If the
-3
seal permeability is low (e.g., 10 mD), then lateral displacement becomes dominant leading to a
higher salinity at the observation block.
Right hand side constant pressure boundary favours up-dip lateral displacement of brine. However, if
all of the boundaries are fixed at a constant pressure than the displaced formation water does not
move up-dip and the resultant salinity at the observation block is unchanged (Figure 19).
Interestingly, using twice the base case injection rate increases the salinity five times. However, this
observation is sensitive to the assumed salinity gradient.
We move the location of the injection well closer to the observation block. Initially the injection well is
located 1.4km away from the observation grid block. We run a second case with the distance reduced
to 1.0km. We observe that the salinity changes from 13 ppm to 16 ppm which is not significant.
The results obtained in this section are most sensitive to the assumed initial salinity distribution in the
storage formation. Higher values of salinities may result in significant changes at the observation block.
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Figure 19: Salinity variation at the observation block with varying top seal permeabilities and outer
boundary, 1) constant pressure right hand side boundary, 2) all closed boundaries and 3) all
constant pressure boundaries.
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Figure 20: Salinity variation at the observation block with varying top seal permeabilities and
injection rates.
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4. Wandoan Area Simulations - Surat Basin
With an understanding of the system sensitivities derived from the Generic simulations, we can now
apply this knowledge to understanding modelling observations for a more realistic geological model.
The Surat Basin (Figure 21) is a Triassic-Cretaceous age basin overlying the Permian-Triassic Bowen
Basin in south-central Queensland and northern New South Wales (Hoffmann et al., 2009). The basin
has attributes that has led to it being identified as a candidate for carbon storage (Bradshaw et al.,
2001; 2009; Hodgkinson et al., 2009).

Surat Basin

Great Artesian basin

(Hodgkinson et al. 2012)
Figure 21: Location of the Surat Basin.

The basin’s hydrogeology has been studied extensively and regional flow systems are well understood
(e.g., Habermehl, 1980; 2002, Radke et al., 2000). The majority of shallow groundwater wells (Figure
22) are completed in the Gubberamunda and Mooga sandstones, with additional production from the
Hutton Sandstone along the north and northeast margins. Towards the basin centre, groundwater
data, including salinity values, from the Hutton Sandstone and deeper formations are limited. There is
some degree of oil production from the Precipice and Hutton sandstones and the intervening
Evergreen Formation. Currently, there is an increasing activity of coal seam gas production from coal
measures in the Walloon Subgroup. Hodgkinson (2008) reported in the Queensland Coal Inventory
(Geological Survey of Queensland) a potential resource of 4,782 Mt of coal. Additionally, although
most coal mining in the area is open cut, Scott et al. (2007) confirmed that coals in the Walloon
contain sufficient quantities of gas to be commercially viable as a coal seam gas source. Previous
studies have identified two sandstone aquifers (Hutton and Precipice) as potential targets for CO2
geological storage (Bradshaw et al., 2009; Hodgkinson et al., 2009). The relatively close proximity of
these various subsurface resources makes the Surat Basin an ideal place to investigate the potential
for resource interaction, particularly studying the impacts of large-scale CO2 injection were it to
become commercially viable.
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Figure 22. Topographic map showing the central portion of the Surat Basin, well locations and the
outlines of model areas.
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4.1. Stratigraphy
The stratigraphy of the Surat Basin is shown in Figure 23. The Precipice Sandstone is considered to
be the most feasible candidate for CO2 injection in the Surat Basin. The Evergreen Formation seal
consists of the Upper Evergreen, Boxvale and Basal members.
The predominantly coarse grained Precipice Sandstone unconformably overlies an extensively eroded
and peneplained surface of Permo-Triassic Bowen Basin sediment and older basement rocks. It was
deposited by high energy braided streams which gradually transitioned to meandering streams (Exon,
1976; Martin, 1981). The overlying Evergreen Formation consists mainly of fine grained sediments
although significant amounts of sand may be present. Sand content tends to decrease basin ward with
an interpreted meandering stream to lacustrine depositional environment (Fielding, 1989; Green et al.,
1997; Exon, 1974). The Hutton Sandstone is deposited over the Evergreen Formation and contains
sandstone inter-bedded with fine grained deposits (Green et al., 1997).
The Upper Evergreen Formation is the conventional seal for the Precipice Sandstone. Boxvale and
Basal sandstones are of low permeability and will provide pressure dissipation during CO2 injection.
Other overlying formations consists of the Guberamunda, Mooga and Bungli aquifers, the Walloon
coal seams and the Eurombah, Westbourne and Griman aquitards.
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Figure 23: Basin geometry and simplified stratigraphy of the northwest Surat Basin.

26

4.2. Simulation model
The purpose of this simulation is to use a realistic geological model to understand what the area of
influence might be for a commercial scale injection in the Surat Basin. The simulation relies on existing
regional geological information and is meant only to be used to gain an understanding of key
parameters and processes; it does not represent an actual CO2 injection project. An actual CO2
injection project would conduct a site-specific assessment and characterisation where adequate new
geological data is collected to much better constrain the geological model. The results from the work in
this study can only form a guide to an actual project in terms of what the key parameters and process
may be and what type of data would be required in order to reduce the uncertainty of predicted system
response to injection. Figure 24 shows the areal map of the Surat Basin. The blue rectangle shows the
modelled area in the current study. The green outline marks the boundary of the Surat Basin. We use
TM
geological model prepared for the ZeroGen Project (Source: Geological Survey of
the Petrel
Queensland (GSQ)). The boundary of the Petrel model is shown by the black rectangle in Figure 24.
The original Petrel model consists of the Evergreen, Precipice, Moolayember, Snake Creek and
Showground formations. To prepare the model for the current study, we removed all the layers below
the Precipice Sandstone. This leaves the model with the Precipice as the storage formation and the
Evergreen as the top seal. We added a layer on the top of the Evergreen formation which represents
the Hutton Sandstone.
To upscale the model we crop the area of interest (blue rectangle) out of the Petrel model then we
upscale the model from the original grid size 250m x 250m to 2000m x 2000m. Table 1 summarises
the upscaling in the vertical direction. Use of such large grid sizes reduces the computation time and
resources required; hence allows the simulation of a large area that is required to observe the basin
scale effects of CO2 injection on the groundwater resources. Relatively finer details of model
heterogeneity are lost due to upscaling. However, for a basin scale study such as this, it is reasonable
to assume that these simplifications should not change the conclusions of this study. Permeability and
porosity variations in the Petrel model are summarised in Tables 2 and 3.
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Figure 24: Modelled area (dark blue rectangle) within the Surat Basin (Source: Geological Survey of
Queensland (GSQ)).
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Table 1: Upscaling from the original PetrelTM model.

Layer name
Hutton (added)
Upper-Evergreen
Boxvale-Evergreen
Basal-Evergreen
Precipice

No. of layers
Original

Upscaled

0
1
4
6
12

1
1
1
1
2

Table 2: Permeability distribution in the model.

Layer name

Hutton
Upper-Evergreen
Boxvale-Evergreen
Basal-Evergreen
Precipice

Permeability
Range

Mean

mD
N/A
0.80 - 12
0.40 - 316
0.10 - 400
0.02 – 2,300

mD
209 (assumed)
3
38
4
209

Table 3: Porosity distribution in the model.

Layer name
Hutton
Upper-Evergreen
Boxvale-Evergreen
Basal-Evergreen
Precipice

Porosity
Range

Mean

0.00-0.27
0.03-0.16
0.00-0.20
0.01-0.20
0.00-0.27

0.12
0.10
0.10
0.08
0.12

Figure 25 shows the permeability distribution in the Precipice Sandstone. The north east part of the
Precipice Sandstone pinches out against the basement (Figure 25) with outcrop of Precipice
Sandstone observed in the wider area. In the pinch-out area of the Precipice Sandstone we set the
grid blocks to be inactive in our simulations.
The initial salinity distribution assumed for the Precipice Sandstone is shown in Figure 27. This is
based on limited information, particularly in the southern half of the study area, from Hodgkinson et al.
(2009) (Figure 26). The salinity in the Evergreen Formation is established using the same gradient as
the Precipice Sandstone. As simplification, we assume zero initial salinity for all depths in the Hutton
Sandstone. It should be noted that there is current debate regarding the actual formation water salinity
in the Precipice and Hutton aquifer of the Surat basin. Obtaining uncontaminated formation water
samples is difficult and thus many water sample analysis may be contaminated by drilling fluids,
leaving open to interpretation what the actual formation water salinity might be. In the generic
modelling we described the sensitivity of the system response to the assumed initial formation water
salinity and thus we can highlight the importance of accurately defining this initial condition for a CO2
storage project. For the purpose of this work we use the salinity interpretation of Hodgkinson et al
(2009). However, it needs to be stressed that this may not ultimately be representative of what is
eventually confirmed to be the formation water salinity for any particular project in the basin that has
had the benefit of new data acquisition.
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We use the numerical aquifer option in Eclipse to model the aquifers in our model. A detailed
description of the aquifer modelling is given elsewhere (Eclipse Technical Description, 2010). A
numerical aquifer allows a one-dimensional flow into the simulation model. The aquifer is connected to
specified grid blocks of the simulation model. In this study, we specify the area of the aquifers; other
properties such as porosity, permeability, initial pressure, depth, PVT are defaulted. The default values
are taken from the grid blocks connected to the aquifer.
Figure 27 shows the connections of these numerical aquifers with our model. The black outline shows
aquifer connections while the rest of the boundaries are closed. We estimate the area of attached
2
aquifers by comparing the modelled Wandoan Area (19,440 km ) to the total Surat Basin area (~
2
2
90,000 km ). This gives an estimate of about 70,000 km for the area of attached aquifers.

Pinched out

N

Figure 25: Permeability distribution – Wandoan Area (120 km x 162 km) See Figure 24 for extent of
model area.
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N

Figure 26. Distribution of water salinity (total dissolved ions) in the Evergreen (green circles),
Precipice (red circles) and Hutton (small brown circles) formations. All values are in mg/l.
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Figure 27: Salinity distribution in the Precipice Sandstone (Grid block size 2 km x 2 km).

4.2.1. Base-case results
In this section we report the base-case results. The base-case data has been described earlier in
section 4.2. Location of the injection site is shown in Figure 27. We inject CO2 at 1Mt/year for 30 years
with 70 years relaxation time. Figure 28 shows the pressure build-up in the Precipice at the end of the
injection period. For a pressure build-up cut-off of >100-kPa, the pressure increase can be observed at
the distances ranging from 35 to 75 km away from the injection site. But, at 70 years after injection
stops, the radius of influence becomes smaller than 4.2 km (Figure 29). The magnitude of vertical and
lateral formation water displacements is fairly similar (Figure 30).
3

At the end of the injection, about 18 million m of formation water migrates vertically from the storage
3
formation whereas about 25 million m of formation water flows horizontally out of the study area.
Formation water migration continues during the post-injection with a declining rate. For example, at
3
100 years of time since injection starts, about 29 million m of formation water move vertically from the
3
storage formation, while about 35 million m of formation water migrate laterally. However, these
results are very sensitive to the assumed seal permeability.
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Figure 28: Contours of pressure build-up (in kPa) in the Precipice Sandstone at the end of 30 years
of injection (120 km x 162 km) at 1 Mt/year.

33

80

2400
60

80
60 20

40

80

Injection
site
2400

60

10 0

80
80

4600
20

N

80
60

80

60
Figure 29: Pressure build-up (kPa) in the Precipice Sandstone after 100 years (120 km x 162 km).
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Figure 30: Lateral and vertical migration of the Precipice formation water (base case).

4.3. Up-dip migration with perfect seal
The purpose of these simulations is to observe up-dip migration of formation water in the Precipice
Sandstone. To exaggerate the up-dip migration and consider an “end member” case, we set the seal
permeability to be zero. We select four different locations for the injection well as shown in Figure 31.
In case-1, the injection well is furthest away from the observation grid block while, in case-4, it is the
nearest. We inject CO2 at 10Mt/year for 30 years with 70 years relaxation time. Again, to exaggerate
up-dip migration, we use a much higher injection rate (10 Mt/year) as compared to the base case rate
(1 Mt/year). We observe the change in salinity and pressure at the observation grid block (Figure 31).
Figure 32 shows salinity changes at the up-dip observation block. Obviously with the injection well
closest to the observation block, salinity variation is the maximum. However, the resultant magnitude
of salinity change is not significant. Pressure build-up at the observation block reaches 4 MPa for
case-4 (Figure 33) but it should be noted that a considerably high injection rate (10Mt/year) is applied.
Figure 34 demonstrates the formation water displacement out of the model boundaries into to the
connected numerical aquifers. We report the graphs for case-1 and case-4 only. The magnitudes of
the displacements are of the same order. However, in case-1, the displacement across the southern
boundary is considerably higher because it is closest to this boundary.
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N
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Figure 31: Up-dip formation water migration as a function of well location (Grid block size 2 km X 2 km).
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Figure 32: Salinity variation at the up-dip observation block in the Precipice Sandstone.
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Figure 33: Pressure build-up at the up-dip observation block in the Precipice Sandstone.
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Figure 34: Formation water displacement out of the lateral boundaries of the model, case-1
and case-4.
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4.4. Top seal permeability
We test the modelled results sensitivity against top seal permeability by assuming a range of
permeability values. In these simulations we fix the injection well location (case-2 in Figure 31). We
-6
vary the seal permeabilities between 10 and 10 mD to give a range of results between two extreme
end member cases. Hutton and Precipice sandstones permeabilities remain the same as described in
section 4.2. We inject CO2 at a rate of 1 Mt/year for 30 years with 70 years relaxation time. Figure 35
shows the salinity distribution in the Hutton Sandstone after 100 years. Assumed seal permeability in
this particular case is 10 mD. Most of the salinity variation occurs near the injection site and the area
further down-dip. There is no impact on the salinity in the up-dip part of the Hutton Sandstone.
Although Figure 35 is based on a very high seal permeability of 10 mD, the salinity changes are still
less than 500 ppm; hence the water in the Hutton is still considered fresh for this end member case.
Figure 36 shows salinity variation as a function of the seal permeability. For this figure, we pick the
value for the grid block with the highest salinity. For example, for 10 mD seal permeability the
maximum salinity increase in the Hutton Sandstone is 490ppm (Figure 36). For permeabilities less
than 0.001 mD, vertical displacement is negligible. Therefore, the salinity variation is zero in the
Hutton Sandstone. For the seal permeabilities above 0.1 mD, vertical displacement increases more
rapidly with increasing permeability causing salinity to increase.
Figure 37 shows vertical and lateral formation water displacement out of the Precipice boundaries in
our model. The observations in this figure match Figure 36. For the seal permeabilities lower than
0.001 mD, lateral displacement is dominant and vertical displacement is negligible. For the seal
permeabilities above 0.1 mD, vertical displacement becomes comparable to the lateral displacement.
Figure 38 to Figure 41 show pressure build-up in the Hutton and Precipice sandstones. We observe
the pressure build-up at the injection site and at an observation block 100 km away from the injection
site (shown in Figure 31). Pressure build-up data show that 0.001 mD and lower permeability of the
Evergreen seal result negligible change in the Hutton Sandstone pressure (Figure 38 and Figure 39).
At the end of the injection period, pressure starts dissipating rapidly near the injection site (Figure 38
and Figure 40). However, at the far field observation block, the pressure keeps building-up for 5-10
years post injection before it starts dissipating.
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Figure 35: Salinity distribution in the Hutton Sandstone after 100 years – seal permeability = 10mD
(Area = 120 km X 162 km).
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Figure 36: Seal permeability effect on Hutton Sandstone salinity.

75

50

Lateral

25
Vertical

0
0.000001

0.001
Seal Permeability

1

Figure 37: Seal permeability effect on vertical and lateral displacement of brine.
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Figure 38: Pressure build-up in the Hutton Sandstone at the injection site.
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Figure 39: Pressure build-up in the Hutton Sandstone 100 km away from the injection site.
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Figure 40: Pressure build-up in the Precipice Sandstone at the injection site.
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Figure 41: Pressure build-up in the Precipice Sandstone 100 km away from the injection site.
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4.5. Precipice permeability
Precipice permeabilities are not certain. Therefore, we run sensitivity simulations on a range of
permeability values that represent scenarios between end member extreme cases. We use two
permeability distributions in this report, one the original distribution described in section 4.2 and the
second with the permeabilities being double the original distribution. Hutton and Evergreen
permeability distributions remain the same as described in section 4.2. Other simulation parameters
also remain the same as in section 4.4.
The volume of the formation water displaced out of the lateral boundaries is almost the same for both
permeability distributions (Figure 42). However, for higher permeability the formation water is
displaced faster laterally, causing the pressure build-up to transmit faster in the lateral direction
(Figure 44). Therefore, vertical migration is not concentrated near the injection site. Hence, for the
higher permeability distribution, the salinity increase in the Hutton Sandstone is almost half of the
salinity increase for the original permeability distribution (Figure 43). Figure 44 and Figure 45 show the
pressure build-up in the Precipice Sandstone.

4.6. Injection rate
We run three cases of injection rate, namely, 0.5, 1.0 and 10.0 Mt/year. For 10 Mt/year injection,
salinity in the Hutton Sandstone increases up to 1,000 ppm (Figure 46). This means that the water
salinity in the Hutton Sandstone would have increase above drinking water standard, but is still
considered to be fresh. However, this increase is limited to the area around the injection well only. The
boundary conditions and the seal permeabilities remain the same as described in section 4.2.1. Figure
47 to Figure 50 show pressure build-up in the Hutton and the Precipice sandstones. Table 4
summarises the vertical and lateral displacement of formation water at different volumes of CO2
injected at 100 years since injection starts. At low injection rates, lateral formation water displacement
is always higher than vertical displacement. However, at high injection rates, vertical migration
becomes more than lateral displacement for a given top seal permeability assumption.

4.7. Groundwater production
To test the potential added impact of groundwater extraction form the Hutton (were that to occur), we
introduce a production well in the Hutton Sandstone. Figure 27 shows the location of the injection and
production wells in the model. Horizontal distance between the two wells is 47.5 km. We use four
3
production rates for our sensitivities, namely, 0, 500, 2,000 and 4,000 m /day.
Groundwater production creates additional pressure drop near the production well which encourages
additional migration vertically through the top seal. However, we observe that this only affects the area
near the production site itself. Figure 51 shows the affected Hutton Sandstone area near the
production site. In all the simulated scenarios, the salinity increase remains below 500ppm. Figure 52
shows the maximum salinity change in the vicinity of the production site with respect to the production
rate.
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Figure 42: Formation water displacement out of the lateral boundaries – Precipice Sandstone
permeability sensitivity.
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Figure 43: Salinity distribution near the injection site in the Hutton Sandstone after 100 years.
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Figure 44: Pressure build-up in the Precipice Sandstone at the injection site.
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Figure 45: Pressure build-up in the Precipice Sandstone 100 km away from the injection site.
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Figure 46: Salinity distribution near the injection site in the Hutton Sandstone after 100 years.

Table 4: Vertical and lateral displacement at different volumes of CO2 injected (at 100 years).

Injection rate

Volume
injected

Lateral
displacement

Mt

Mt/year

10 x m

15

0.5

20

10

30

1.0

35

29

300

10.0

297

354

6

Vertical
displacement

3

6

10 x m
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Figure 47: Pressure build-up in the Precipice Sandstone at the injection site – injection rate effect.
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Figure 48: Pressure build-up in the Precipice Sandstone 100 km away from the injection site–
injection rate effect.
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Figure 49: Pressure build-up in the Hutton Sandstone at the injection site– injection rate effect.
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Figure 50: Pressure build-up in the Hutton Sandstone 100 km away from the injection site– injection
rate effect.
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Figure 51: Salinity distribution near the production site in the Hutton Sandstone after 100 years.
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Figure 52: Groundwater production effect on Hutton Sandstone salinity.
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5. Discussion and Conclusions
Previous studies have shown that pressure propagation in CO2 storage formations due to commercialscale injection has a larger radius of influence than the plume of free-phase CO2. As a result, it is
expected that some portion of the formation water residing in storage formations migrates away either
vertically through top seal or laterally in the storage formation potentially towards updip shallow
sections of the reservoir or even to the surface. Therefore, when considering the impacts of
geosequestration on groundwater resources, the potential for lateral displacement of saline formation
water in the far-field of the injection site and formation water migration through the seal needs to be
characterised. We establish a new methodology to assess the possible impact of CO2 injection on
groundwater resources by tracking salinity changes in a numerical model forecast. In all of the simulation
scenarios the pressure build-up remains less than the fracture or threshold pressure of the seal.

Generic Simulations
Seal permeability and outer boundary conditions are the dominant influence the lateral or vertical
displacement of formation water in a storage formation. High seal permeabilities and closed boundary
conditions favour vertical displacement of formation water. On the other hand, lateral formation water
displacement is dominant for low seal permeabilities and a constant pressure boundary. In terms of
pressure dissipation, high seal permeabilities and a constant pressure boundary result in rapid
pressure dissipation. We observe a significant influence of the seal permeability and outer boundary
conditions on formation water displacement and pressure dissipation. Hence, these parameters
should be characterised thoroughly.
The CO2 plume displaces most of the free formation water around the injection well in a storage
formation, leaving no mobile water for vertical migration. Hence, we observe a maximum vertical
migration of formation water further away from the injection location.
In the presence of a vertical conduit, most of the flux occurs through the conduit as expected.
However, resultant salinity changes in the overlying aquifer occur only locally in the immediate vicinity
of the conduit.
The magnitude of Up-dip migration of formation water in a dipping reservoir is dominantly influenced
by the injection rate, top seal permeabilities and outer boundary conditions. Low seal permeabilities
and high injection rates result in larger formation water displacement. However, we find that the outer
boundary condition is the deciding factor in the up-dip migration. If the down-dip outer boundary is
constant pressure or is attached to a large aquifer, the displaced formation water tends to migrate out
of the down-dip boundary and does not move up-dip.
Groundwater production from the aquifer above the top seal causes an additional pressure drop
across the seal. This stimulates additional formation water inflow to groundwater formations. For the
cases simulated in this study, the increase in groundwater salinity remains low. However, these results
are sensitive to the assumed water salinity of the storage formation. For the formation water salinities
higher than simulated in this study, the impact of groundwater production may result in considerably
higher salinity increase. Note that these increases would be limited to the immediate vicinity of the
groundwater producer.
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Regional Surat Basin Simulations
Up-dip salinity changes are small in both the Hutton and Precipice sandstones. This is due to the fact
that the down-dip part of the model is connected to a large aquifer. This allows formation water to be
displaced out of these boundaries.
There are uncertainties in the Evergreen and the Precipice permeabilities. We ran sensitivities on the
Evergreen and Precipice for a wide range of permeabilities. Results show that, for an injection rate of
1 Mt/year, the groundwater salinitity increase in the Hutton remains well below 500 ppm.
At the end of injection at 1 Mt/year (base case scenario), the pressure build-up can be observed at
distances ranging from 35 to 75 km away from the injection site. After the injection stops, pressure
dissipates due to vertical and lateral formation water displacements and the radius of influence
reduces to, for example, 4.5 km after 100 years. Note that the maximum pressure build-up in the
Precipice Sandstone in the vicinity of the injection well, is simulated to be about 6 MPa at an injection
rate of 10 Mt/year.
A scenario of groundwater production from the Hutton Sandstone is expected to cause additional
small local changes in salinity within the Hutton. Groundwater salinity variation results obtained in this
study are highly dependent on the assumed formation water salinity in the Precipice Sandstone.
Higher salinity of the formation water would result in stronger impact on groundwater salinity. For the
3
base case scenario, at the end of injection, about 18 million m of formation water migrates vertically
3
from the storage formation whereas about 25 million m of formation water flows horizontally out of the
study area. Formation water migration continues during the post-injection with a declining rate,
3
increasing the formation water migration by about 10 million m in both vertical and lateral directions at
100 years of time since injection starts.
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