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Executive Summary
The main objectives of this project were to investigate the potential impacts of CO2 geological storage in the
near-shore area of the Gippsland Basin on formation water displacement, pressure evolution, offshore
petroleum fields, onshore water levels and salinity in the Latrobe aquifer. Another aspect was to characterise
the evolution of the low-salinity wedge in the Latrobe aquifer. The study area is located in the near-shore area
of the Seaspray Depression in the Gippsland Basin and the investigation included fluid inclusion work, analysis
of present-day formation water and numerical flow simulations.
The fluid inclusion data demonstrate that paleo-salinities of formation water in the Latrobe aquifer were
generally higher than present-day salinities, suggesting that the low-salinity wedge has formed sometime
during the last 5 million years. The oldest formation water age of 30-40 thousand years from water samples in
the onshore Latrobe aquifer in conjunction with first-order numerical simulations constrain the emplacement of
freshwater to its current extent to approximately the last 200 thousand years.
The focus of the current project’s numerical simulations was the near-shore area in the Seaspray Depression,
and the model area included the Barracouta field (~400 million m 3 total fluid production). Modelling effort
included the injection of up to a total of 100 million tonnes of CO2 (~150-200 million m3 at reservoir conditions
depending on depth) into the low-salinity portion in the upper part of the Latrobe aquifer in the vicinity of the
CarbonNet Pelican structure. The simulation results do not show a potential for significant salinity increase in
the onshore parts of the aquifer. Changes in formation water salinity due to CO 2 injection occur mainly where
salinity gradients are high, along the transition between freshwater and higher salinity water. The simulation
results further show that the substantial production-induced pressure decline of up to an equivalent of 90 m
freshwater head in the offshore parts of the Latrobe aquifer results, potentially, in a smaller area of pressure
impact compared to injection into a hydrostatically-pressured aquifer.
Onshore, production-induced pressure declines on the order of 100 kPa (equivalent to approximately 10 m
freshwater hydraulic head) over a period of 42 years show negligible and only localized impacts on the salinity
distribution in the Latrobe aquifer in the simulations. While injection of CO2 only results in a slight increase in
pressure in the onshore area, this increase may be considered advantageous because it would counteract the
recent trend of underpressuring in the Gippsland Basin. For example, CO 2 geological storage could be of
benefit to the petroleum industry in the Gippsland Basin by providing pressure support for declining reservoirs
as long as an appropriate injection strategy avoids contamination of petroleum fields still under production.
CO2 injection may also present a benefit to onshore water users by reducing the rate of water level decline in
the onshore Latrobe aquifer, providing that updip CO2 migration into shallow groundwater can be avoided, as
would be the case in the Pelican injection scenarios.
From a methodological perspective, updating and upscaling of the geological model has proven to be more
challenging and time consuming than initially thought. Therefore, an important lesson from the current project
would be that there is a need for purpose-built models at various scales and resolutions to answer specific
questions. For example, initial model calibration and assessment of the sensitivities of regional-scale pressure
impacts could be run more efficiently on relatively large, coarse-scaled models, whereas detailed CO 2
migration and chemical impacts on fluid chemistry, reservoir rocks and seals would require a smaller, highresolution model. More time should be spent on different geological model realisations and on developing an
efficient upscaling process.
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1 Introduction
This research project is targeted to provide innovative research that will add value to the core activity being
conducted by CarbonNet in Victoria. The key focus for the current study is to reduce uncertainties related to
the CarbonNet carbon storage programme by detailed numerical simulations of the impacts of CO2 injection
on shallow groundwater resources and petroleum fields in the near-shore area of the Gippsland Basin (Figure
1). The injection target, the Latrobe Group, forms a contiguous, sloping aquifer, containing freshwater in the
onshore area and becoming increasingly saline towards the offshore where the majority of petroleum fields
are located. The Latrobe aquifer covers approximately 45,000 km2 in the Gippsland Basin and has been
identified as a suitable candidate for large-scale CO2 geological storage (Gibson-Poole et al., 2008; O’Brien et
al., 2008; Goldie-Divko et al., 2010, O’Brien et al., 2013). It is not desirable for CO2 injection to negatively
impact on either groundwater or petroleum resources. Therefore, understanding how CO 2 injection (and at
what volume of CO2) affects the flow of formation water in the transition zone from fresh to saline water is
critical for the selection of an appropriate storage site in the near-shore area of the Gippsland Basin.

Figure 1. Location of the near-shore modelling area in the Gippsland Basin.
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1.1.

Objectives

It has been well recognised that there is hydraulic communication to various degrees and over various time
scales across the Gippsland Basin (e.g. Hatton et al. 2004; Varma and Michael, 2012). The proposed
commercial-scale storage of CO2 in the near-shore Latrobe strata of the Gippsland Basin will to some degree
influence the broader hydrodynamic environment of the Latrobe aquifer system. The primary objective of this
project was to investigate the impact of commercial-scale storage of CO2 in the near-shore area on:
x

Formation water displacement;

x

Formation pressure evolution;

x

Offshore conventional oil and gas assets nearest the carbon storage project;

x

On-shore falling water levels in the Latrobe aquifer system;

x

The transient distribution of formation water geochemistry for the coastal Latrobe aquifer system, and,

x

On-shore semi and unconfined shallow aquifer systems.

The work required includes research into the likely impact of injection on the aquifer in the near shore region
from productive water bores onshore to productive offshore oil and gas field (Barracouta, Dolphin and Perch).
The current reservoir monitoring data from operators in the basin has shown a constant slow pressure decline
in the aquifer which some have attributed to offshore production, yet this decline rate has been relatively
constant for 30 years despite varying production rates. The current modelling effort estimates the most
important factors influencing the impact of injection or production operations and potentially allows
measurements to be designed to reduce these uncertainties. This project investigates the risk of salinisation
of the coastal Latrobe aquifer, the potential of mitigating coastal Latrobe aquifer falling water levels and
required data acquisition needed to calibrate the model output. In summary, the project attempts to:
x
x

x
x
x

Determine what communication, if any, the deepest water bores along the coastal area may have with
the proposed injection formations;
Estimate the age of the low-salinity wedge shown on CSIRO models using isotope geochemistry on
produced formation water samples; in particular determine if it is a dynamic fresh water wedge or static
meteoric water thousands of years old, using isotope geochemistry;
Further constrain the fluid history through fluid inclusion work on cements from core samples;
Simulate storage scenarios including 1 million tonnes/yr, 2.5 million tonnes/yr and 5 million tonnes/yr
for 20 years with post injection investigation to 1000 yrs.
Perform sensitivity analysis with respect to maximum possible CO 2 injection rates assuming negligible
impact on groundwater levels and quality as wells as on petroleum resources.

1.2. Project History
Due to initial difficulties in model calibration and changes in the geological model, the project was run in two
stages. The main stage included the fluid inclusion work, the hydrochemistry of water samples, as well as a
first attempt at the numerical simulations of storage scenarios. The results of this stage were presented in a
preliminary draft report in December 2013. However, the attempts of calibrating the model to the production
history from the Barracouta gas field and pressure observations revealed that the geological model provided
by CarbonNet needed changes with respect to porosity and permeability distribution. Also, implementing water
production volumetrically equivalent to the gas production at Barracouta in the TOUGH2 simulator was
suspected to be an oversimplification due to the neglect of relative permeability and other two-phase flow
effects, thereby overestimating production impacts from Barracouta on formation pressures. A second project
phase was agreed upon with ANLEC R&D that would address more detailed model calibration of the

2
Commercial-in-Confidence

Barracouta production history using a simulator (TEMPEST) capable of modelling natural gas and water
production and an updated geological model created by CarbonNet. The main purpose of the second modelling
phase was to obtain better estimates of equivalent water production to be used in the TOUGH2 simulations of
CO2 injection scenarios. The description and results of the second-phase modelling are presented in Appendix
A. All steps related to the numerical simulations performed in the first phase of the project were repeated using
the updated geological model and water production rates estimated in the second phase of the project.

1.3.

Modelling impacts of CO2 geological storage

Although geological storage of CO2 (GCS) has been shown to be technical feasible through research and
commercial projects around the world, a remaining issue is that GCS has not been demonstrated by actual
operations at the scale that is required to meet global emission reduction targets. So far, forward modelling,
either analytically or numerically, is the only tool to investigate impacts of industrial-scale GCS on basin
hydrodynamics. Generally, pressure increase is the main limiting factor for CO 2 storage capacity. At the
injection well, the allowable pressure increase, and therefore injection rates, is constrained by geomechanical
constraints such as the fracture pressure of the injection interval, or pre-existing fault stability. Pressure
impacts decrease rapidly in the far-field of a GCS site for injection into a relatively open system. However, the
issue of lateral brine displacement remains to be considered, which may result in impacts on other resource
developments in the same aquifer. Also, saline formation water may be displaced vertically into overlying
freshwater aquifers if leakage pathways through the intervening aquitard are present.
Many sedimentary basins currently investigated for GCS in saline aquifers have, like the Gippsland Basin, a
long history of fluid extraction in the form of groundwater and/or petroleum production. The hydraulic stress in
these basins has resulted in large areas of pressure depletion compared to the initial pressures in the affected
formations, causing a decline in water levels and, in extreme cases, land subsidence (Geertsma, 1973;
Johnson, 1991; Morton et al., 2005). In such cases, the pressure increase due to CO 2 injection could actually
offset, at least partially, the production-induced pressure decline, resulting in a positive impact on groundwater
resources and land surface stability. Although previous studies have simulated basin-scale impacts of GCS
(Nicot, 2008; Birkholzer and Zhou, 2009; Yamamoto et al., 2009; Zhou and Birkholzer, 2011; Noy et al., 2012),
the effect of previous production-induced pressure drawdown was not considered.
Therefore, the numerical simulations in this project investigate the cumulative impact of hydrocarbon
production and GCS on near-shore flow systems in the Gippsland Basin, particularly with respect to the
sensitivity of the change in formation water salinity in response to industrial-scale fluid injection and production.

1.4.

Methodology and workflow

The current project addresses three main research aspects, each with a list of objectives and associated
outcomes.
1) Numerical simulations of storage scenarios
The numerical simulation effort intends to provide a better understanding of the longevity and stability of the
low-salinity wedge in the Latrobe aquifer. The model area is shown in Figure 1 and Figure 2. The detailed
modelling stages are:
a. Determine the appropriate grid resolution for accurately (model results can be calibrated to well
observations) capturing the impacts of 0.1 – 10 million tonnes/year injection for 10 years on
pressure and salinity distributions through generic, 2D models.
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b. Implement CarbonNet’s attributed geological framework (Petrel model) in the flow simulator
(PetraSim/Tough2) by interpolating surface geometry and upscaling porosity and permeability
distribution to a 3-dimensional grid.
c. Assign boundary and initial conditions to the flow model using results from the VicGSV-CSIRO
regional hydrogeological model.
d. Perform initial simulations and calibrate to available pressure and salinity observations.
e. Perform 3D simulations of injection scenarios for assessing the impact of 1 – 5 million tonnes
CO2/year for 20 years on pressure and salinity distribution and in the near-shore area.
f. Perform additional simulations with larger injection rates to determine maximum CO 2 storage
capacity in the near-shore area, assuming negligible impact on groundwater levels and petroleum
resources.
g. Update and re-calibrate the flow model based on results from fluid inclusion work and
geochemistry of formation waters.
2) Geochemistry of formation waters
A detailed analysis of the major and minor compositions, and their distribution and variation with salinity
together with isotopic analyses, helps in understanding the evolution of formation water chemistry and
underlying geochemical processes. Naturally occurring environmental isotope measurements such as
deuterium, oxygen-18, carbon-13, sulphur-34 and oxygen-18 in sulphate and chlorine35/chlorine37 ratios
when used in conjunction with the hydrogeochemistry provide a complementary suite of tools that allow
constraints on hydrodynamic models and are proposed for investigation as a part of this project. The
geochemical aspects of the project are investigated in following stages:
a. In conjunction with CarbonNet, pursue water samples from producing fields or new wells in the
near-shore area for ion chemistry and isotope (O, H, Cl) analyses to determine age and origin of
formation waters.
b. Perform chemical analyses either in-house (major ion chemistry, O/H isotopes) or external (Cl
isotopes).
c. Interpret geochemical data with respect to age, origin and history of formation waters.
d. Produce updated model of 3D salinity distribution in the near-shore area of the Gippsland Basin.
For this aspect of the project it would have been important that existing data in CSIRO’s PressureDB be
augmented with analyses of produced formation waters provided by petroleum operators in the Gippsland
Basin. These are particularly useful as they represent formation water and are not influenced by
contamination with drilling fluids. Unfortunately, offshore samples could not be obtained and the chemical
analysis of present-day formation water is limited to samples from onshore water wells (Figure 2).
3) Fluid inclusion work
Palaeo-salinity and temperature data help to constraint the evolution of formation water in the Latrobe Group
as a baseline with which to assess the origin and timing of the low-salinity wedge. In conjunction with the
geochemistry of current formation water, this determines to what extent the connate water salinity (brackish
water deltaic environment) has been modified/overprinted by freshwater recharge and, if so, when this
happened in the basin evolution. Following are the detailed stages:
a. Establish the general diagenetic sequence in the Gippsland Basin through literature review for
assessing the potential for fluid inclusion trapping sites in each mineral phase.
b. Using well completion reports, identify core samples from relevant zones and compile a list of
potential wells with samples in the appropriate intervals in the Latrobe Group. See Figure 2 for
sample locations.
c. Acquire core samples, prepare samples for thermometrics and prepare thin sections.
d. Identify suitable fluid inclusion trapping sites in diagenetic cements using microscopy.
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e. Measurement (on between 10-20 inclusions) of ice melting and homogenisation temperature for
determining salinity and trapping temperature, respectively.
f. Determine origin and history of low-salinity wedge by integration of fluid inclusion data and
formation water analyses.
The detailed fluid inclusion methodology, data and results are presented in a stand-alone report (Appendix B),
which forms the basis for a recently published article in Geofluids by Bourdet et al. (2014).

Figure 2. Location of formation water and fluid inclusion samples in relation to the near-shore model area. Also
shown is the approximate eastern limit of the low-salinity wedge in the Latrobe Group (modified from Glenton,
1983).
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2 Gippsland Basin Setting
The Gippsland Basin is a W-E-trending rift basin that covers approximately 56,000 km 2. Major fault systems
subdivide the basin into a depocentre (the Central Deep) that is flanked in the north and south by platforms
and terraces (Figure 1).

2.1.

Basin fill

The basin fill is comprised of Early Cretaceous to Recent sediments (Figure 3) with a maximum total thickness
of up to 5 km. The sedimentary fill of the Gippsland Basin unconformably overlies the Palaeozoic basement
comprising igneous and folded sedimentary rocks of the Lachlan Orogenic Terrain (Foster and Gray, 2000).
The sedimentary succession can be separated into three main lithostratigraphic groups: the Strzelecki, Latrobe
and Seaspray groups.

Figure 3. Chronostratigraphy of the Gippsland Basin (Hoffman et al., 2012).

The Strzelecki Group represents Early Cretaceous extension in the basin and is characterised by non-marine,
rapidly deposited, immature sediments that are predominantly composed of quartz-lithic bearing sandstones,
volcanoclastics, mudstones and minor coals (James and Evans, 1971). The Strzelecki Group is generally
considered to be the economic basement although it hosts a few onshore tight gas fields.
The Latrobe Group is predominantly composed of siliciclastic sediments with minor volcanics that were
deposited during the main growth phase of the basin (Figure 3). Non-marine conditions prevailed at the base
of the group and the coarse-grained alluvio-fluvial to mud dominated lacustrine sediments of the Emperor
6
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Subgroup were deposited. Renewed extension by the Late Cretaceous brought about the deepening of the
basin with a marine incursion and established the depositional architecture of the basin. The Golden Beach,
Halibut and Cobia Subgroups accumulated in this manner, with lateral lithofacies variation from
continental/marginal marine to marine representing the onshore to offshore transition. These four subgroups
of the Latrobe (Emperor, Golden Beach, Halibut and Cobia) are separated by basin-wide unconformities and
can be subdivided into formations that represent the lateral lithofacies variations (Figure 3). The Latrobe Group
plays host to all of the currently known hydrocarbon discoveries in the offshore Gippsland Basin.
The Seaspray Group consists of calcareous marine sediments and represents fully established marine
conditions in the Gippsland Basin. It can be differentiated into several formations. The Lakes Entrance
Formation is composed of clay-rich, calcareous mudstones and is a lateral equivalent of the Swordfish
Formation which comprises hemipelagic, fossiliferous mudstones. Usually, there is a limited attempt to
differentiate between the two formations, and both are considered to be regional seals for the Latrobe
reservoirs. The Gippsland Limestone, with a distinct increase in carbonate content, overlies these formations
and forms a thick sequence of marine carbonates, including fossiliferous limestones, marly limestones and
marls. The Gippsland Limestone is unconformably overlain by a Middle Miocene – Pliocene marine sequence
in the Lake Wellington and Seaspray depressions.

2.2.

Hydrostratigraphy

Recent sediments form a shallow aquifer system in the Gippsland Basin that is unconfined in the onshore area
(Figure 4). Its thickness varies from <20 m onshore to around 300 m offshore. The underlying Seaspray Group
aquifer-aquitard system consists onshore of sandy aquifers embedded in coal seams and shale beds (Yallourn
and Morwell formations). Offshore, the time-equivalent Gippsland Limestone consisting of limestone, silt and
marl forms a low-permeability aquitard system. At the base of the Seaspray Group, the Lakes Entrance
Formation forms the major regional aquitard, primarily consisting of shale and marl and confining the
underlying Latrobe Group aquifer system (the Latrobe aquifer). The Lakes Entrance Formation is absent in the
western half of the onshore Gippsland Basin and reaches a maximum thickness of 1200 m in the offshore part
of the basin. The maximum thickness of the Seaspray Group in the onshore part is 700 m and in the offshore
part it reaches a thickness of 2000 m. The Latrobe Group and the onshore time-equivalent Traralgon Formation
comprise variable amounts of sandstone, siltstone, shale and coal. The coal measures in the Traralgon
Formation form a contiguous aquitard that extends into the offshore area where it forms a top seal to
hydrocarbon reservoirs in the Halibut Sub-Group (Figure 4). As a result, the Latrobe Group can be subdivided
into an upper and lower aquifer system, although there may exist local vertical hydraulic communication due
to high-permeability zones in the Traralgon Coal Measures. Along the eastern edge of the basin, the Latrobe
aquifer subcrops beneath Recent sediments at the seafloor. The thickness of the Latrobe aquifer in the central
part of the basin decreases westward from 2000 m to around 200-400 m. Along the northern and southern
margins, the Latrobe Group pinches out completely. The Latrobe Group is underlain by the Strzelecki Group
aquitard that outcrops in the onshore part of the basin.
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Shoreline

Onshore

Offshore
0 km
Saline

Gippsland Limestone aquitard
Lakes Entrance Formation top seal
Gas pool

T2 top seal

1 km

Strzelecki Group aquitard
2 km
5 km

SALINE

Figure 4. Schematic west-east cross-section showing hydrostratigraphic relationships between onshore and
offshore areas of the Gippsland Basin (modified from Hoffman, personal communication). The blue arrows
depict flow of low-salinity water.

2.3.

Hydrogeology

The hydrogeology of the Gippsland Basin has been studied extensively in the past (e.g. Kuttan et al., 1986;
Nahm, 2002; Schaeffer, 2008; Varma and Michael, 2012). Under pre-stress conditions, groundwater flow in
the Latrobe aquifer originates in the recharge zones, in the western part of the basin over the Baragwanath
Anticline as well as the northern margin of the basin. According to Varma and Michael (2012), the freshwater
hydraulic-head distribution in the aquifer suggest that groundwater flows from the northern and western edges
towards the central part of the basin (Figure 5a). Freshwater hydraulic heads in the eastern part of the basin
imply that there is a source of water in the Central Deep where the Latrobe aquifer occurs at depths >2,500 m
below sea level and subcrops beneath the seafloor. However, these heads are largely due to density effects
as shown by the low magnitude of force vectors. The transition zone from freshwater to saltwater forms a flow
barrier along which the less dense protruding freshwater is re-directed north- and southward, whereas flow in
the brine portion of the aquifer is more or less static on human time scales (Varma and Michael, 2012). On a
geological time scale, the freshwater–saltwater transition zone is probably changing and flow in the two regions
of the Latrobe aquifer is transient, adjusting to the changing boundary conditions (i.e. recharge rate, basin
subsidence).
The large-scale petroleum and groundwater extractions have modified the natural flow systems in the
Gippsland Basin. The groundwater flow pattern in response to production shows regional fluid flow in the
Latrobe aquifer towards the centre of the basins (Figure 5b) where the major hydrocarbon fields are located.
There is also flow towards the Latrobe Valley in response to coal mine dewatering, which appears to be
confined to the Northern Terrace (Schaeffer, 2008).
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Figure 5. Distribution of freshwater equivalent heads and resultant flow vectors in the Latrobe aquifer a) under
pre-stress conditions and b) in response to hydrocarbon and associated water production. Note that particularly
in the pre-stress state, resultant flow vectors are not always perpendicular to the freshwater-head contour lines
due to density effects. The line AA’ shows the location of the cross section in Figure 6.
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An important aspect of using the Latrobe aquifer for CO2 geological storage is the fact that formation water
quality ranges from freshwater in the shallow parts onshore to seawater salinity in the deep basin offshore
(Figure 6). The freshwater-saltwater interface in shallow aquifers closely follows the present-day shoreline in
the form of a conventional seawater wedge. However, in the Latrobe aquifer a wedge of low-salinity displaces
saline water downdip, several kilometres offshore. The main features according to Varma and Michael (2012)
can be summarized as follows:
• Cold, high-density seawater in the ocean and shallow stratigraphic units overlying warm, freshbrackish, lower density formation water in the Latrobe Group causes instability and density-driven
flow. This results in westwards (shorewards) displacement of Latrobe aquifer connate waters.
• Gravity-driven flow with recharge of meteoric water in areas of topographic highs and discharge into
lakes and along the fresh-seawater interface. This results in eastward flow in the Latrobe aquifer and
forms a low-salinity wedge that pushes seawards.
• Offshore petroleum production and onshore mine dewatering overprint the natural flow system,
focusing formation water flow towards production induced hydraulic sinks in the central deep and
west, respectively.

Figure 6. Conceptual model of pre-production and present-day flow systems in the Gippsland Basin (Varma and
Michael, 2012). The line of cross-section is shown in Figure 5a.
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2.4.

Origin and evolution of formation water

The extent of the present-day low-salinity wedge with salinities less than 4000 mg/l was mapped initially by
ESSO using wireline log analysis (Kuttan et al., 1986; Figure 7). The authors also report that water salinities
from the hydrocarbon-bearing zones (i.e. at Barracouta) in the low-salinity wedge are on the order of 20,000
mg/l, and conclude that hydrocarbon migrated into these reservoirs prior to the influx of low-salinity water.
Since sediment deposition, connate formation water in the Latrobe aquifer would have undergone a change
due to diagenetic processes (Figure 8) and continued mixing with water from two sources: a) meteoric water
from the west and b) seawater from the east and above.

Figure 7. Distribution of formation water salinity along a schematic west-east cross section in the Gippsland
Basin (Kuttan et al., 1986).

11
Commercial-in-Confidence

Figure 8. Simplified burial diagenesis for the upper Latrobe Group reservoir, showing the relationship between
the production of low and high CO2 organic solvents to the digenetic process and the past buffering capabilities
of the system (Gibson-Poole et al., 2006).

Interpretation of stable isotope data for offshore formation water and diagenetic minerals in the Latrobe aquifer
by Bodard et al. (1992) resulted in following conceptual model of formation water evolution:
1. The maximum extent of freshwater in the Latrobe aquifer occurred when the shoreline was located
furthest east during deposition of the Halibut Sub-Group (~50-70 Ma) and the sediments were still a
relatively shallow depth.
2. The depth and lateral extent of the freshwater-marine water interface were largely determined by the
hydraulic head in the freshwater portion of the Latrobe aquifer and by the eustatic sea level change
during burial. Successive marine transgression would have resulted in the furthest retreat of the
freshwater-marine water interface approximately by the end of deposition of the Lakes Entrance
Formation (~ 20 Ma).
3. Meteoric water re-entered offshore parts of the Latrobe aquifer after establishment of the regional
Lakes Entrance aquitard forming a low-salinity wedge that may have extended far offshore prior to
late-stage burial.
4. Post 20 Ma burial and accumulation of thick platform carbonates of the Gippsland Limestone resulted
in subsidence of the Latrobe aquifer into the marine-influenced zone below the low-salinity-marine
water interface; hence a retreat of freshwater in the Latrobe aquifer. Other consequences were: i)
westward shift of the coastline, ii) further compaction, iii) source rock maturation and hydrocarbon
expulsion and migration, iv) advanced diagenesis.
Kuttan et al. (1986) place the onset of freshwater influx that formed the current low-salinity wedge in the Latrobe
aquifer at the beginning of the Pliocene (5.5 Ma) when the upper Latrobe Group got exposed to meteoric
recharge in the region of the Baragwanath anticline. Uplift of the Baragwanath anticline probably continued at
least into the late Middle Pleistocene (0.2 Ma), changing the fluvial channel orientations from southerly (Figure
9) to easterly for rivers such as the Thompson, Macalister and Latrobe (Holdgate et al., 2003; Mitchell et al.,
2007). Assuming that gravity-driven groundwater flow follows closely the regional topography, these findings
suggest that the present-day dominantly eastward directed flow of low-salinity water in the Latrobe aquifer in
12
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the Seaspray Depression may have existed only for the last 0.2 Ma. Prior to that, the majority of low-salinity
water would have originated from recharge areas in the highlands to the north. It is difficult to accurately
determine the change in hydraulic gradient during the last 0.2 Ma due to the uncertainties in topographic
elevation and recharge rates for this period. The present-day recharge area for the Latrobe aquifer in the
Seaspray Depression is located in the area of Latrobe subcrop in the Baragwanath Anticline region. Holdgate
et al. (2000) estimate that in excess of 200 m of sediments may have been eroded in this area, which suggests
that recharge in the past had occurred at higher elevations resulting in higher hydraulic gradients in the Latrobe
aquifer compared to the present-day.
Unfortunately, direct measurements of the age of formation water in the low-salinity wedge in the Latrobe
aquifer are sparse. No data exist, at least not publically available, for the offshore area. In addition to stable
isotope data, Hofmann and Cartwright (2013) analysed Sr and 14C data of formation water samples from the
onshore aquifers in the Gippsland Basin. The maximum 14C age of water in the Latrobe aquifer at 800 m depth
was estimated to be 37 thousand years (Figure 10). Supposedly, formation water further downdip in the
offshore portion of the aquifer would be older. The authors could not identify a correlation of groundwater ages
with depth or with distance to recharge areas, concluding that substantial lateral and vertical inter-aquifer
mixing has been occurring.
In summary, the literature review above suggests that the low-salinity wedge, to its current extent, was
emplaced between the last 200 to 50 thousand years.
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Figure 9. Location of the near-shore model area (red rectangle) in relation to Pliocene-Pleistocene paleo-drainage
patterns identified by Mitchell et al. (2007) in the offshore Gippsland Basin.
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Figure 10. Age ranges of groundwater in the onshore Gippsland Basin estimated from 14C data (Hofmann and
Cartwright, 2013). HH – Haunted Hill Fm, BoF = Boisdale Fm, Vol = Thorpdale Volcanics, Chi = Childers Fm, LG =
Latrobe Gp. The red circles highlight two sample locations that were also used in the current project.
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2.5.

Resource development

Groundwater extraction in the Gippsland Basin has been occurring since the early 1900s for irrigation use. During
the 1960s large-scale mine dewatering and depressurisation commenced to facilitate the mining of coal in the
Latrobe Valley in the western part of the Gippsland Basin. Present-day production rates are on the order of 20
million m3/year.
Hydrocarbon reservoirs exist predominantly in the Latrobe Group of the Gippsland Basin and production
commenced in 1968 in the offshore Barracouta and Marlin fields (Malek and Mehin, 1998). Petroleum operators
in the Gippsland Basin report their production data to the Victorian government and annually summarised
production volumes were provided by VicDPI (now VicDSDBI). Until the early 1980s, the water production as a
result of hydrocarbon extraction from all fields in the Gippsland Basin was only minor. However, this steadily
increased to nearly 30% of total produced fluids by the mid-1990s, averaging about 30 million m3/year by the turn
of the millennium. Extrapolating the production rates to current day, a total of approximately 3.5 billion m 3 of fluids
has been extracted from the Latrobe aquifer in the offshore Gippsland Basin by 2013. The co-produced water
generally has salinity less than that of seawater and is not re-injected but is cleaned and treated, then disposed
of in the ocean.
The model area in this study includes the Barracouta field (Figure 1). The pressure history and the change of the
gas-water contact in the Barracouta field shows that the reservoir is well-supported by the underlying aquifer
(Hart et al., 2006; Figure 11). After 1.4 Tcf of gas production over 36 years, the reservoir pressure has declined
by 130 psi (896 kPa) and the gas-water contact has moved up by approximately 42 m. Assuming an areal closure
of 60 km2, 25% average porosity, 20% water saturation (Malek and Mehin, 1998) and an assumed residual gas
saturation of 20%, the corresponding volume of water having imbibed the reservoir is:
 ൌ Ͷʹ ൈ Ͳ ή ͳͲ ൈ ͲǤʹͷ ൈ ሺͳ െ ͲǤʹ െ ͲǤͳሻଷ ൌ ͶͶͳ 

Figure 11. Simplified structure map and cross-section of the Barracouta field (Hart et al., 2006). Top right:
Measured and modelled reservoir pressure from 1968 to 2003. Bottom right: Depth to gas-water contact for various
production wells.
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3 Hydrochemistry
The purpose of the hydrogeochemical test results reported here is to establish an understanding of the
evolution of formation water chemistry and underlying geochemical processes in the Latrobe aquifer.

3.1. Sampling and analytical methods
The objective of the sampling program was to obtain representative samples of groundwater from boreholes
completed in the Latrobe aquifer within 10 km of the Gippsland Basin shoreline. The selection of the five
observation well locations (Figure 2) was based on well accessibility and proximity to the near-shore model
area. The field sampling campaign was undertaken during April and May 2013. The five boreholes were prepurged of casing storage and sampled for field hydrogeochemical parameters and major ions (Table 1), trace
elements (Table 2),

36Cl

and

87Sr/86Sr

(Table 3), G18O, G2H (Table 4), 14C, G13C (Table 5), G34S and high

precision 3H.

3.2. Results and data interpretations
3.2.1 MAJOR AND MINOR IONS
Water quality parameters measured in the field are shown in Table 1 indicating a range of salinities from very
fresh (TDS ~ 100mg/L) up to a maximum TDS of about 1500 mg/L. Dissolved oxygen and redox potential are
low and indicative of reducing conditions. Two field-measured pH values are in the range 7.0 to 7.6 and are
typical of groundwater pH values. However three readings are in the range 9 to 9.7 which is atypical of normal
groundwater pH and is possibly evidence of some contamination from well construction materials, particularly
grout or cement used in well construction. The field sheets show that during pump-out the pH drifted toward
lower values. This will require consideration in interpretation of hydrogeochemical processes and evolution.
Figure 12 shows a tri-linear plot of the major ion distributions indicating the wide range of major ion
compositions in the sample set implying different hydrogeochemical pathways and water-matrix reactions are
occurring. The major ion results indicate that these low salinity groundwaters are not consistent with having
evolved from a seawater end member. Figure 13 shows a scatter plot of chloride concentration with depth
indicating that there is no clear trend of an increasing salinity with depth as would be expected if there were a
marine-fresh groundwater interface.
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1/05/2013
10/04/2013
24/04/2013
29/04/2013
11/04/2013

B104536
B105483
B47063
B77945
B90366

999.0
1033.7
556.0
776.4
833.1

Mid-Screen
Depth (m)

19.0
13.7
41.2
14.7
11.6

(m3)

7.03
9.69
8.99
9.57
7.60

pH

Below Detection

1/05/2013
10/04/2013
24/04/2013
29/04/2013
11/04/2013

B104536
B105483
B47063
B77945
B90366

X

Date

Piezometer ID

X
X
0.02
X
X

Al
mg/l
0.01

X
X
0.1
0.2
X

As
μg/l

100.77
127.08
51.08
57.42
38.56

Ba
μg/l

Table 2. Gippsland Basin groundwaters - trace element data

Date

Borehole ID

Pumpout
Volume

X
X
X
X
X

Cd
μg/l
0.02

308
1636
2617
694
1429

0.1
X
0.08
0.11
0.06

Co
μg/l
0.05

17.2
17.86
22.22
20.75
25.28

(C)

Specific
Conductance
EC (μS/cm) Tempera
@25C
ture

Table 1. Gippsland Basin groundwaters - field and major ion data.
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Cr
μg/l

-199.6
134.9
-277.5
-220.5
-67.1

Eh (mV)

11.82
56.83
214.28
340.78
123.92

Li
μg/l

0.0
0.0
0.05
0.07
0.0

mg/l

Dissolved
O2
Na

4.97
3.98
12.07
4.2
10.72

Mn
mg/l

21.7
161.2
676.4
283.7
294.8

mg/l

K

X
1.16
1.34
0.34
0.18

Mo
μg/l

1.9
6.2
22.7
8
18.4

mg/l

Mg

Ni
μg/l

4.97
3.98
12.07
4.2
10.72

mg/l

Ca

X
X
X
0.9
X

Pb
μg/l
0.05

5.31
154.73
8.46
4.46
10.48

mg/l

X
X
0.026
X
X

U
μg/l
0.001

3.6
10.5
524.4
20.4
7.5

SO4
mg/l

43.44
1363.49
4123.29
501.65
737.58

Sr
μg/l
0.01

55.6
0.12
0.43
5.66
0.15

Fe-Sol
mg/l

34
510
218
146
216

Cl
mg/l

X
0.02
X
X
X

Zn
mg/l
0.01

29
11
629
405
399

HCO3
mg/L

X
0.1
0.31
1.55
0.05

Zr
μg/l
0.05

13.1
0.4
25.7
22.1
25.1

SiO2
mg/l

Table 3. Gippsland Basin groundwaters – Chlorine-36 and 87/86Sr

Piezometer ID

Date

B104536
B105483
B47063
B77945
B90366

1/05/2013
10/04/2013
24/04/2013
29/04/2013
11/04/2013

36

Cl/Cl (x10-15)

Error

20.6
8.7
14.2
42.9
15.7

1.4
0.8
1.1
2.2
1.2

Table 4. Gippsland groundwaters - Stable isotopes

Sample ID

GO
‰ VSMOW

G 2H
‰ VSMOW

B104536
B105483
B47063
B77945
B90366

-6.26
-6.06
-6.73
-7.14
-6.44

-36.0
-35.2
-40.8
-42.0
-39.2
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87

Sr/86Sr

0.712746
0.708746
0.708756
0.708472
0.708362

2se

17
16
12
15
16

23/08/2013
23/08/2013
30/08/2013
30/08/2013
30/08/2013

B104536
B105483
B47063
B77945
B90366

Sample ID

40313/1
40313/2
40313/3
40313/4
40313/5

Rafter ID

CRA
[yBP]

54315 7148
54316 7061
54352 37255
54353 37405
54354 38846

NZA

25
26
473
482
577

CRA error
[]
-18.55
-25.91
-5.68
-13.34
-15.68

13
G C
[‰]

0.2
2
0.2
0.2
0.2

13
G C
error

-592.41
-587.98
-990.39
-990.57
-992.12

∆14C
[‰]
1.29
1.35
0.57
0.57
0.57

∆14C error
[]
03/05/2013
11/04/2013
26/04/2013
30/04/2013
12/04/2013

Collection
Date
40.76
41.2
0.96
0.94
0.79

pMC
[‰]
0.13
0.13
0.06
0.06
0.06

pMC error
[]
-587.4
-582.9
-990.3
-990.5
-992

14
G C
[‰]

1.31
1.37
0.57
0.57
0.57

14
G C error
[]

-589.3
-584.8
-990.3
-990.5
-992.1

D14C

1.3
1.36
0.57
0.57
0.57

D14C Error

Groundwater age: ݐ

WellID

ൌ െͺʹ݈݊ ቀଵቁ

భర 

G13C
G14C
a14C (pMC) D14C
CRA
per-mille per-mille
years
B104536
-18.55
-587.4
40.76 -589.3 7149
B105483
-25.91
-582.9
41.2 -584.8 7061
B47063
-5.68
-990.3
0.96 -990.3 37238
B77945
-13.34
-990.5
0.94 -990.5 37405
B90366
-15.68
-992
0.79 -992.1 38887
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t (q=1)
years
7419
7331
38408
38582
40020

t (q=0.85)
years
6076
5987
37065
37239
38676

Table 6. Corrected carbon-14 ages according to the method described in Hoffmann et al. (2013).

t (q=0.5)
years
1689
1600
32678
32852
34289

t (q=0.3)
years
Modern
Modern
28455
28629
30066

Footnote: Conventional Radiocarbon Age (CRA) and ∆14C are reported as defined by Stuiver and Polach, Radiocarbon 19:355-363 (1977) and ∆14C is decay corrected to the
collection date given, and not reported if no collection date was supplied. Fraction modern (F) is the blank corrected fraction modern normalized to δ13C of -25 per-mille, defined by
Donahue, D. J., T. Linick, and A. T. Jull, Radiocarbon, 32(2):135-142 (1990). δ13C values were obtained from the source indicated. The reported errors comprise statistical errors in
sample and standard determinations, combined in quadrature with a system error component based on the analysis of an ongoing series of measurements on an oxalic acid standard.

28/08/2013
28/08/2013
13/09/2013
13/09/2013
13/09/2013

Date reported Date analysed

Table 5. Gippsland groundwaters - Carbon-14 and G13C isotope data
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Figure 12. Piper tri-linear plot showing the proportions of major ion composition for the five Latrobe aquifer
water samples. Seawater composition is shown for comparison.
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Figure 13. Scatter plot showing chloride concentration with depth for the five Gippsland groundwaters.
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3.2.2 ISOTOPE DATA

Chlorine-36:
The seawater 36Cl/Cl ratio is about 0.5 x 10-15 (Argento et al., 2010) and the chloride atmospheric deposition
close to the coast is expected to be of the order of 5-8 x 10-15. The 36Cl/Cl ratios presented in Table 3 and
Figure 14 are mostly well above both these ratios and are indicative of terrestrially sourced chloride recharged
at distance inland away from the immediate marine influence where the 36Cl/Cl deposition ratio is more
influence by terrestrial than marine effects. The 36Cl/Cl ratios cannot be ascribed to a dilute seawater source
as they are too high.

50.0
45.0
Chlorine -36

40.0
36Cl/Cl x 10-15

35.0
30.0

25.0
20.0
15.0
10.0
5.0
0.0
0

100

200

300

400

500

600

Chloride (mg/L)

Figure 14. Scatter plot showing the 36Cl/Cl ratio vs chloride concentrations.

Deuterium and oxygen-18:
Figure 15 and Table 4 show data for the stable water isotopes G2H and G18O. Their proximity to the local
MWL indicates the groundwaters are of terrestrial meteoric origin, and not marine derived, or diluted marine
derived water.
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Figure 15. Stable isotope composition of Gippsland Basin groundwaters with the Melbourne local meteoric
water line (LMWL).

Strontium 87/86:

87Sr/86Sr

The modern day marine 87/86Sr is 0.709160±0.000030. Results in Table 3 and Figure 16 are significantly below
(four samples) or above (1 sample) the marine ratio. This is indicative of a dominance of water-aquifer matrix
interactions in the hydrogeochemical evolution of the groundwaters and, consistent with the major ion and
chlorine-36 data, and cannot be ascribed to a dilute seawater source as they are too distinct from the 87/86Sr
of a marine end member.

0.713
0.7125
0.712
0.7115
0.711
0.7105
0.71
0.7095
0.709
0.7085
0.708

Seawater

0

1000

2000

3000

4000

5000

6000

7000

Sr (ug/L)

Figure 16. Scatter plot showing the 87/86Sr vs strontium concentrations.
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8000

9000

Carbon-14 and carbon-13:
Carbin-14 activity and carbon-13 composition are shown in Table 5. Figure 17 shows a plot of carbon-14
activity (pmC) as a function of mid-screen depth, indicating that groundwater age does not necessarily
increase with aquifer depth.

0

Mid-screen depth (m)

200

400

B47063
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B77945

800

B90366

B104536

1000

B105483
1200
0

10

20
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50

Carbon-14 Activity (PMC)
Figure 17. Scatter plot showing the Carbon-14 activitiy versus sample depth.

The Corrected Radiocarbon Age (CRA) ranges between 7061 and 38846 years which does not represent the
actual groundwater ages, but rather calculations as outlined in the footnote to the table. Interpretation of a
range of groundwater travel times based partly on data in Table 5 and accounting for correction described by
Hofmann et al. (2013) are listed in Table 6. Recognising the uncertainties related to carbon-14 dating, the
maximum age of Latrobe water varies between 40,000 and 30,000 years (B90366) and the youngest water
ranges in age between 1600 years and modern meteoric water (B105483). Similar age ranges for the same
wells were determined by Hofmann et al. (2013). Looking at the geographic distribution of the well samples
(Figure 2) shows that the older waters are from wells located north of the Rosedale fault (B47063, B77945,
B90366). The water sample from the Seaspray Depression (B105483), although from a greater depth, is
significantly younger. These observations are consistent with the previous hydrogeological interpretation of
two, at least partly separated flow systems in the Latrobe aquifer: 1) water recharging along the Baragwanath
Anticline and flowing eastward towards the shoreline in the Seaspray Depression and 2) water originating in
the highlands along the northwestern boundary of the Gippsland Basin flowing south-eastward. Both flow
systems merge along the Rosedale fault in the vicinity of the coastline.
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4 Numerical Simulations
The dynamic numerical simulations presented in this study were performed using the TOUGH2 reservoir
simulator software (Pruess, 1990). TOUGH2 has been used extensively in numerical modelling of geological
storage of CO2. In particular, we use the ECO2N equation of state module. This module allows for mutual
solubility of brine and CO2, as well as precipitation or dissolution of salt. The ECO2N module has been
rigorously benchmarked against available experimental results. We used Petrasim as an interface to TOUGH2
ECO2N coupled with some in-house software for enhanced pre and post-processing of the data, visualization
of the results and quantitative analysis.
All fluid flow simulations presented in this report were performed as isothermal with a dependence of
permeability on pore space type tubes in series (parameters phi = 0.8 and G = 0.8), the water solubility in CO2
model as Spycher and Pruess, the brine density in CO2 model as Garcia’s correlation, a full dependence of
the property on salinity and the brine enthalpy correlation model of Lorenz et al. As the ECO2N model is only
valid for the range 10°C ≤ T ≤ 110°C and P ≤ 600 bar, temperature was limited to 100°C. More details on the
above model can be found in Pruess (2005).
In Petrasim/ TOUGH2, the spatial variation of rock properties is modelled by defining up to 27 different rock
facies. Each facies is defined by a value of permeability along the X direction, a value of permeability along
the Y direction, a value of permeability along the Z direction, a value of porosity, a value of density, a value
of thermal conductivity, rock compressibility, a set of relative permeability curves and a set of capillary
pressure curve.

4.1. Generic simulations
As CarbonNet intends to inject CO2 into or in close proximity to the low-salinity wedge in the Latrobe aquifer,
of particular interest is how the freshwater-seawater interface is impacted by the pressure-build-up around the
injection well. Initially, simple 1 D-radial and 2-D simulations were performed to investigate the sensitivity of
the change in salinity in response to CO2 injection.

4.1.1 1D-RADIAL SIMULATIONS
For the one dimensional analysis, the model set up follows an example by Pruess (2005). This model of CO2
injection examines two-phase flow with CO2 displacing variable salinity water under conditions that may be
encountered at depth of the order of 1.2 km (initial conditions: 120 bar pressure and 45°C temperature). A CO2
injection well fully penetrates a homogeneous, isotropic, infinite-acting aquifer of 100 m thickness (Figure 18).
The well is modelled as a circular grid element R= 0.3 m while the reservoir numerical grid is extended to a
large distance of 1000 km. The grid cell sizes increase logarithmically from the well. For all simulation in this
section, a CO2 injection rate of 3.15 Mt/year for 20 years was used followed by a post-injection monitoring
duration of 980 years.
To understand the impact on the salinity distribution from CO 2 injection, two injection scenarios were
investigated: a) CO2 injection into seawater and b) CO2 injection into freshwater. The freshwater/seawater
transition was modeled both as sharp interface and as a gradual salinity change (Figure 19).
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CO2 injection

P = 120 bar

k = 100 mD

T = 45 °C

φ = 12 %

H = 100 m

Sgas = 0 %

R

Figure 18. Schematic of radial reservoir model with key parameters. The middle cylinder represents water with a
salinity different from the remaining reservoir.
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Figure 19. Initial salinity distributions for four different CO2 injection scenarios with injection into: a) seawater
w/sharp interface at 1800 m, b) ) fresh water section w/sharp interface, c) seawater w/gradual salinity variation
between 1900 m and 11,000 m, and d) freshwater with gradual salinity variation.
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The simulation result after 20 years of injection show that the injection-induced salinity change is sensitive to
the type of freshwater/seawater transition, i.e. whether it is sharp or gradual (Figure 20). In the case of a sharp
interface, salinity changes are comparatively large (up to 35,000 mg/l), but are spatially limited to less than
500 m away from the freshwater/seawater interface. This is not surprising, as only a small shift of the interface
due to the displacement of water by CO2 is needed to change the salinity in the cell immediately right of the
interface from freshwater to seawater or vice versa. For a gradual variation in salinity, the magnitude of salinity
change is significantly smaller (less than 2000 mg/l) but distributed over a larger distance, up to 5000 from the
injection well. The pressure increase due to injection is very similar for all of the four cases (Figure 20b).
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Figure 20. Impact of CO2 injection is reflected by the change in a) salinity and b) pressure after 20 years of CO2
injection.
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4.1.2 2D SIMULATIONS
In this section, the impact of CO 2 injection on an idealised low-salinity wedge is simulated along a 2D crosssection, assuming a sharp freshwater/seawater interface (Figure 21). The model geometry is analogous to the
Gippsland Basin but greatly simplified, containing five main formations (A, B, C, D and E) each with
homogeneous hydraulics properties. The values for the formation are summarized in Table 7.
In this model, formations C and D form a confined aquifer system. Formation water flow from left to right in the
aquifer is realised through fixed, above-hydrostatic pressure and sub-hydrostatic pressure along the left and
right boundaries, respectively. The salinity along the these boundaries is constant as well, resulting in the influx
of freshwater from the left (white arrow in Figure 21). A constant-pressure boundary condition is implemented
at the model top layer accounting for hydrostatic pressure in the onshore area and seawater hydrostatic
pressure along the sea floor.

Figure 21. Grid framework and initial salinity distribution for the 2D simulations.
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Table 7. Hydraulic properties for the 2D model.
Stratigraphic unit

Average porosity
(fraction)

Average Permeability Average Permeability Average Permeability
X (mD)
Y (mD)
Z (mD)

Formation A

0.2

0.1

0.1

0.1

Formation B

0.05

0.01

0.01

0.01

Formation C

0.25

500

500

500

0.25

500

500

500

0.2

100

100

100

0.2

100

100

100

0.15

10

10

10

Formation D

Formation E

Three CO2 injection scenarios were tested at different intervals related to the low-salinity wedge:1) into the
freshwater, 2) at the freshwater/seawater interface and 3) into the seawater (Figure 21).The thickness of the
completion intervals is assumed to be 100 m for all three scenarios. The CO 2 injection duration is 20 years at
rates of 10 kg/s (0.316 Mt/year) and 55 kg/s (1.7 Mt/year). Simulation results show that the impact of CO2
injection on the salinity distribution mostly occurs along the freshwater/seawater interface.
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Figure 22. Salinity differences after 20 years of injection in mg.l-1 for (top) CO2 injection in the fresh water zone,
(middle) CO2 injection at the fresh/sea-water salinity interface and (bottom) in the sea-water saline section of the
aquifer. The black line through the upper half of the cross-section delineates the base of the regional seal
(Formation B).
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4.2.

Flow simulations in the near-shore area

Fluid flow simulations in the near-shore area of the Gippsland Basin were performed based on a geological
model provided by CarbonNet. In the first sub-section, a description of the CarbonNet geological model and
its transfer to a Petrasim/ TOUGH2 numerical model is presented. The numerical flow simulations were
performed according to the following workflow:
1. Long-term simulations of freshwater emplacement; i.e. timing of the formation of the low-salinity
wedge. These simulations are compared to and complimented with present-day salinity interpretation
to build a fully consistent salinity distribution for the area of interest.
2. Simulations to constrain the pre-stress hydrodynamic initial conditions.
3. Simulations of fluid production from the Barracouta field.
4. Simulations of CO2 injection and post-injection.

C’

B

B’

C

Figure 23. Outline of the near-shore model area and selected cross-section lines in relation to the location of
petroleum wells and hydrocarbon fields.
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4.2.1 MODEL SETUP
A geological model of the near-shore Gippsland was provided by CarbonNet. The main geological
formations are vertically subdivided into several layers:
-

Lakes Entrance Formation(Lakes Entrance and Green Sand): 2 layers
Cobia Subgroup: 12 layers
Halibut Subgroup: 9 layers
Golden Beach Subgroup(from top Golden Beach Subgroup to top Strzelecki Group): 10 layers

The spatial coverage of the geological model is shown in Figure 23. This near-shore area comprises parts of
the onshore Gippsland Basin and the Barracouta field. The model is composed of 3,870,504 cells in total
with 2,583,353 active cells. The horizontal discretization is 100 m in both directions. The geological model
was provided with permeability (Figure 24) and effective porosity (Figure 25) attributes. Details on the
generation of this geological model can be found in CarbonNet (2012).

Coastline
CarbonNet model outline
Depth (m)

Easting (m)

0.002

0.5 1.0

10

100

1000

5000

Permeability (mD)

Figure 24. Fence diagram showing permeability distribution in the CarbonNet model of the near-shore area. The
red line delineates the model area at top Lakes Entrance elevation.
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Figure 25. Fence diagram showing porosity distribution in the CarbonNet model of the near-shore area. The red
line delineates the model area at top Lakes Entrance elevation.

For the purpose of fluid flow simulation accounting for variable salinity, hydrocarbon production and CO 2
injection, the CarbonNet model was converted to a format appropriate for Petrasim/ TOUGH2. The TOUGH2
geological model covers the entire sedimentary succession from the ground surface/sea bottom (max elevation
100 m AHD to the top of the Strzelecki Group (up to 4500 m depth) and is subdivided into: Gippsland
Limestone, Lakes Entrance Formation, Cobia Subgroup, Halibut Subgroup and Golden Beach Subgroup
(Figure 26). The model framework is based on 19 horizons extracted from the CarbonNet model. Particular
attention was given to the different layers of the Cobia Subgroup that contain intraformational seals. For
consistency between both models, the Halibut Subgroup was further subdivided into three layers (Top Halibut,
Middle Halibut and Bottom Halibut). The detailed vertical discretisation is shown in Table 8 and Figure 27. The
lateral grid size of the model is 472 by 452 m. The model has 140,616 cells (108 x 42 x 31) with 116,312 active
cells.
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Table 8. Vertical discretisation of the Petrasim/TOUGH2 near-shore Gippsland Basin model. The Formation id
refers to the colour legend in Figure 26 and Figure 27.

Formation

Vertical discretisation

Abbreviation

Gippsland Limestone

3

GL

Lakes Entrance

2

LE

Cobia

12

C

Top Halibut

6

TH

Middle Halibut

2

MH

Bottom Halibut

3

BH

Golden Beach

3

GB

Total

31

Coastline
Depth (m)

CarbonNet model outline

Easting (m)

GL
LE

C
TH

MH
BH

GB

Figure 26. Fence diagram showing the layering for the Petrasim/ TOUGH2 model. The formation index colours
refer to the geological formation ids in Table 2. Injector 1 and 2 refer to the locations of the simulated CO2
injection wells. The red line delineates the model area at top of the Lakes Entrance elevation.
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Depth (m)
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Figure 27. Vertical discretisation and layering of the Petrasim/ TOUGH2 model along W-E cross-section BB’. The
formation index colours refer to the geological formation ids in Table 2. Vertical axis is in metres below sea level
and horizontal axis in metres (UTM coordinates) with 10 x vertical exaggeration.

To populate the Petrasim/ TOUGH2 geological model with hydraulic properties, a three-stage process was
performed:
A. The CarbonNet permeability values along the x-direction and effective porosity values were upscaled
to the Petrasim/TOUGH2 model grid layer by layer. For the permeability along the x-direction, a
geometric average method was used. For the effective porosity, an arithmetic average method was
performed (Renard and de Marsily, 1996). Permeability in the y-direction was assumed to be identical
to permeability along the x-direction. To account for lateral/vertical anisotropy, a multiplier 1/100 was
used to calculate the vertical permeability.
B. Eighteen different rock facies were defined from the permeability and porosity values computed during
the upscaling stage. The range of porosity and permeability variation was first divided into 18 regions
scattering the entire range. For each region, the facies was estimated by geometric (for permeability)
and arithmetic (for porosity) averaging from the porosity/permeability distribution of the upscaled
CarbonNet geological model with focus on the permeability range 10 to 5000 mD (Figure 28, Table 9).
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Figure 28. Grouping of rock facies used in the up-scaling of porosity-permeability values from the CarbonNet
model to the PetraSim/TOUGH2 model.
Table 9. Petrasim/ TOUGH2 rock facies with associated horizontal permeability and porosity values.

Facies

Average porosity (fraction)

Average permeability (mD)

1

0.01

0.001

2

0.05

0.12

3

0.06

0.44

4

0.07

3.08

5

0.12

4.37

6

0.22

4.23

7

0.07

31.42

8

0.15

49.43

9

0.23

50.36

10

0.07

221.41

11

0.15

222.68

12

0.23

278.11

13

0.07

948.23

14

0.15

967.57

15

0.23

1062.69

16

0.08

2656.16

17

0.16

2660.86

18

0.23

2785.20
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C. Quality control and further adjustment of the facies distribution was performed to better honour the
CarbonNet geological model:
1. In the Halibut Subgroup to the West of Golden Beach-1A, the hydraulic property values less
than those in the CarbonNet model due to a local change in grid discretisation combined with
a locally high contrast of hydraulic properties. In order to correct these discrepancies, the
permeability and porosity values of the TOUGH2/ Petrasim model in the Cobia Subgroup and
in the area west of Golden Beach-1A were adjusted to better honour the CarbonNet model.
2. The original CarbonNet model shows a distinct zonation of high and low permeability layers
and pinch-outs of stratigraphic units in the Cobia Subgroup. Although the layering in the Cobia
Subgroup in the PetraSim model has a comparable vertical resolution as the CarbonNet Petrel
model, model layers need to be continuous over the entire model area. Not being able to
replicate the pinch-outs in combination with the lateral averaging of hydraulic properties
initially resulted in a smoothed and laterally less contiguous distribution of low and high
permeability layers in the Cobia Formation.
3. Finally, the property distribution of the TOUGH2/Petrasim model was modified by calibrating
the model to the production and pressure history of the Barracouta field and boundary
conditions. Details of the calibration are presented in Section 3.2.4. A comparison of
parameter distributions in the CarbonNet and PetraSim/TOUGH2 model for the near-shore
area is shown along various cross-sections in Figure 29 (the numbers 1-3 refer to circles
showing examples of model adjustment, Figure 30 and Figure 31.
Several parameters were assumed to be identical for every facies:
Rock density: 2600 kg/m3; Saturated thermal conductivity: 2.0 W/m/C; Specific heat: 1000 J/kg/C; Matrix
rock compressibility: 4.5E-10 1/Pa.
Relative permeability was assumed using Corey (1954) formulae with irreducible water saturation of 0.2 and
residual gas saturation of 0.15.
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Figure 29. Comparison of the permeability distribution in the CarbonNet model (top) and the Petrasim/TOUGH2
model after upscaling (middle) and after local property adjustments along cross-section BB’. In contrast to the
CarbonNet model, the PetraSim/TOUGH2 model has three additional layers at the top which represent the
Gippsland Limestone. Vertical axis is in metres below sea level and horizontal axis in metres (UTM coordinates)
with 10 x vertical exaggeration. Circles 1 and 2 refer to areas of local model adjustment as described in the
section above.
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Figure 30. Comparison of the porosity distribution in the CarbonNet model (top) and the calibrated
Petrasim/TOUGH2 model (bottom) along a W-E cross-section BB’. Vertical axis is in metres below sea level and
horizontal axis in metres (UTM coordinates) with 10 x vertical exaggeration.

39
Commercial-in-Confidence

Figure 31. Comparison of the permeability and porosity distributions in the CarbonNet model (left) and the
calibrated Petrasim/TOUGH2 model (right) along a S-N cross-section CC’. Vertical axis is in metres below sea
level and horizontal axis in metres (UTM coordinates) with 10 x vertical exaggeration. Wells West Seahorse 2
and Barracouta A5 are projected approximately 10 km into the cross-section with (see Figure 23).
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4.2.2 SIMULATION OF LOW-SALINITY WATER EMPLACEMENT
As part of the sensitivity assessment, long-term simulations were run to simulate the emplacement of the lowsalinity wedge. These simulations should not be considered as an effort to calibrate the model because of the
simplified boundary and initial conditions:
x
x
x
x
x

Constant pressure, equivalent to 100 m hydraulic head, and zero salinity along the western boundary;
Constant, hydrostatic pressure along the eastern boundary;
Rock properties (permeability and porosity) do not change over time, 1/10 permeability anisotropy;
Isothermal conditions;
The entire model is initially assumed to be filled with water of seawater salinity.

However, the simulation results provide an order-of-magnitude estimation of the time required for low-salinity
water to displace seawater to the extent of the present-day low-salinity wedge.
The results in Figure 32 show that the freshwater has entirely displaced saline water from the top of the
Cobia interval after approximately 390 thousand years. At this point in time, the depth of the freshwatersaline water interface is located at approximately 1800 m, which is within the range of the present-day depth
of the base of the low-salinity wedge. In contrast to the present-day observations, the thickness of the lowsalinity wedge at the eastern boundary does not exceed 50 m, even after more than 1 million years.
Comparing simulated salinities to wireline-derived salinity values shows a relatively good match after 390
thousand years for Golden Beach-1A and West Seahorse-1, whereas the simulations under-predict the
thickness of low-salinity water at Barracouta-1 (Figure 33). There are several possible explanations for this
mis-match:
x
x
x

The permeability distribution in the Cobia Subgroup in the eastern part is not well characterized in the
model, preventing a vertically more complete displacement of saline water;
The modelled hydraulic gradient is not high enough; i.e. the hydraulic head in the recharge area to
the west of the model may have been higher in the past;
There may have been additional recharge entering the Latrobe aquifer from the northwest, which is
not accounted for in the model.

Further calibration and sensitivity analysis is required to better constrain the timing and mechanism of lowsalinity wedge emplacement.
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Figure 32. Simulated salinity distribution along a W-E cross-section in the near-shore area.
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Figure 33. Comparison of salinity values estimated from wireline logs and simulated salinities for different times
and well locations in the near-shore area of the Gippsland Basin.
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4.2.3 SIMULATION OF PRE-PRODUCTION FLOW SYSTEM
Pre-production simulations were performed in the near-shore model area for determining the initial conditions
and assigning adequate boundary conditions that will be applied in the fluid production and CO 2 injection
simulations. The modeled aquifer volume is about 110,000 GL for the Latrobe Group (i.e. Cobia, Halibut and
Golden Beach sub-groups). The low-salinity water (less than 1000 mg/l) volume in the Latrobe Group is about
10,000 GL (9,800 GL for the western half of the model). The low- salinity water (less than 5000 mg/l) volume
in the Latrobe Group is about 55,000 GL (41,000 GL for the western half of the model).
Boundary conditions were assumed as follows (Figure 34):
x

x
x

Fixed pressure, salinity and temperature at the top of the model;
o Onshore: atmospheric pressure, 500 mg/l and 15 oC
o Offshore: seawater hydrostatic pressure, 35000 mg/l, 10 oC
Fixed pressure (equivalent to 55 m hydraulic head), salinity (500 mg/l) and temperature along the
onshore edge for the Latrobe Group;
Large volume of the outer cells along the northern (BC1), eastern (BC2) and southern (BC3) boundaries
to account for the aquifer volume beyond the near-shore area. These boundaries account respectively
for 203,000 GL, 344,000 GL and 116,000 GL of aquifer fluid volume attached to the Latrobe Group
layers, totaling approximately 660,000 GL of external aquifer support. The overall aquifer volume for
the Latrobe group is about 770,000 GL.

Figure 34. Boundary conditions and initial salinity distribution at the level of the middle Halibut Subgroup for the
fluid flow simulations in the near-shore area (red: CarbonNet geological model outline, cyan: coastline).

Pressure, temperature and salinity observations/interpretations at wells within the model area and its closest
vicinity were used to estimate the initial conditions. Pressure and temperature observations were sourced from
PressurePlot/PressureDB (CSIRO, 2007). The initial pressure distribution in the model was estimated to be
representative of eastward flow with a hydraulic-head difference of 55 m in the west and 40 m along the eastern
boundary for the Latrobe Group (Figure 35), following flow interpretations by Varma and Michael (2012). The
temperature was assumed to be increasing linearly with depth, with a temperature gradient of 30 °C/km (Figure
36). Salinity interpretations are based on Glenton (1983) and Kuttan et al. (1986).
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Figure 35. Initial fresh water head distribution in the Latrobe aquifer in the near-shore area.

Figure 36. Comparison of model initial pressure (left) and temperature (right) data with respective well
observations for the entire near-shore model area.

Two set of numerical simulations of groundwater flow were performed considering the geological model and
the above boundary conditions to equilibrate pressure, temperature and salinity conditions. At first, pressures
were estimated from groundwater flow patterns and well observations. This pressure distribution was used in
a freshwater flow simulation until quasi-steady state was reached. The resulting pressure and temperature
estimates were used as input for a variable-salinity numerical simulation. The variable salinity distribution was
generated using wireline log interpretations (Kuttan et al., 1986; Figure 38), the freshwater emplacement
simulations (see previous section) and local hydrogeological knowledge. The variable salinity simulation was
run until quasi-steady state was reached and the resulting pressure, salinity and temperature conditions
(Figure 39) represent the initial conditions for simulations of pumping and injection scenarios described in the
following sections.
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Figure 37. Temperature observations and model initial conditions at selected wells in the near-shore model area.
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Figure 38. Salinity wireline log interpretations and model initial conditions at selected wells in the near-shore
model area.
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Figure 39. Initial salinity (top) and temperature (bottom) distribution along W-E cross-section BB’.
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4.2.4 SIMULATION OF HYDROCARBON PRODUCTION
Initial and boundary conditions presented in the above section were used as input for numerical simulations of
hydrocarbon production. Hydrocarbon production is affecting the hydrodynamics behaviour of the Latrobe
aquifer. Only the Barracouta field is located within the modelled area, the Marlin and Snapper fields are located
further offshore. To model the impact of the hydrocarbon production, the equivalent fluid production at the
Barracouta field was simulated to match the pressure history at this field. As simplification, the entire
Barracouta field production (Figure 40), primarily gas and LNG, is converted to an equivalent fluid production
and occurs at a single well location at Barracouta-A5. As demonstrated by the additional simulation results in
Appendix A, this conversion of production rates appears to result in a representative pressure decline around
the Barracouta field. The total simulated produced water volume is approximately 400 GL (fluid equivalent of
1.5 Tcf produced gas), which corresponds well with the estimated volume of water having imbibed the reservoir
of 440 GL (see Section 2.5). However, gas relative permeability and compressibility are neglected.
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Figure 40. Barracouta production history from 1968 to 2010 expressed in mass of fluid equivalent flow rate and
cumulative mass production.

Hydrocarbon production at Barracouta was simulated for 42 years; at first using the geological model
presented in Section 3.2.1 (Figure 42, middle cross-section). The model was primarily calibrated to the 40 year
history of reservoir pressure observations at the Barracouta field. Simulation results show that pressure
declines too rapidly compared to the observed pressure measurements at the production location (Figure 41,
green line), indicating that there is insufficient pressure support from the surrounding aquifer. Locally increasing
the permeability, increasing the boundary cell volumes and fixing the pressure at the eastern and southern
model boundary resulted only in a slight improvement in the simulated pressure response (Figure 41, red line).
To match the observed pressure decline (Figure 41, blue line), the property model (porosity and permeability)
was modified drastically over a larger area around the Barracouta field, including the removal of lateral
permeability barriers in the Cobia Subgroup to enable increased vertical connection and better overall hydraulic
communication within the entire thickness of the Latrobe aquifer. Increases were limited to 5 D permeability
and 30% porosity and the changes are depicted in Figure 42 (bottom cross-section).
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Figure 41. Comparison of simulated versus observed pressure decline in the Barracouta field. The simulated
pressure values are measured in one of the production grid blocks at 1142 m depth. The green line represents the
pressure response for the initial upscaled model after local adjustments as described in Section 3.2.1. The pressure
decline represented by the red line is a result of local porosity and permeability enhancement in the Cobia Subgroup
within the extent of the Barracouta field in addition to a fixed-pressure boundary along the eastern and southern
model boundaries. The measured field pressure data are from Hart et al. (2006). The pressure data for the Phase II
model are averaged over the east segment of the Barracouta reservoir (see Appendix A). In response to production,
the initial gas-water contact at 1151.5 m depth moved upwards by approximately 42 m to 1109 m in 2003.

The simulated impact of 42 years of hydrocarbon production on the pressure distribution in the near-shore
area is shown in Figure 43. The maximum pressure decline is 920 kPa at the production site. The pressure
draw down in the onshore area in response to offshore production is predicted to be generally less than 200
kPa, which is approximately equivalent to a 20 m decline in freshwater hydraulic head and less than the up to
40 m observed water level decline in the onshore Latrobe aquifer (Figure 5). The difference between simulated
and observed water level decline could be explained by onshore groundwater extraction and change in
recharge (Varma and Michael, 2012), which has not been accounted for in the model.
Pressure observations at Beardie-1, approximately 15 km east of the Barracouta production site and outside
of the model area show vertical pressure communication of at least 600 m in the upper Latrobe aquifer and
pressure decline of up to 700 kPa in 2002 (34 years after start of Barracouta production). A similar magnitude
of pressure depletion is predicted by the model at an equivalent distance west of Barracouta (Figure 43).
The above observations suggest that implementation of Barracouta production and change of hydraulic
properties results in an adequate representation of the production induced pressure impacts in the western
part of the model, which is the location of CO2 injection. However, in the Barracouta area and along the eastern
boundary the geological model is over-simplified and the entire southeast corner of the model should be
considered as a boundary condition representing fluid production from Barracouta and other fields outside the
model area. Additional details of the impacts of Barracouta production on pressure and salinity distribution will
be provided in conjunction with the simulation results of CO2 injection scenarios in the following section.
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Figure 42. Comparison of the permeability distribution in the CarbonNet model (top) and the Petrasim/TOUGH2
model after upscaling and local property adjustments(middle) and after calibration to the Barracouta production
history along cross-section BB’. Vertical axis is in metres below sea level and horizontal axis in metres (UTM
coordinates) with 10 x vertical exaggeration. Circles refer to areas of property adjustment after calibration.
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Figure 43. Distribution of pressure decline in response to 42 years of production at Barracouta. The bottom
figure shows the pressure decline for the top of the Latrobe aquifer (Cobia).
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4.2.5 SIMULATION OF CO2 INJECTION
Distributions of pressure, temperature and salinity from the hydrocarbon production simulation were used as
initial conditions for the CO2 injection simulations. Simulations of CO 2 injection were performed considering
two possible injection sites (Table 10) and three different injection flow rates (1, 2.5 and 5 Mt/year). Postinjection was simulated for up to 1000 years for every injection site and flow rates tested. During the injection
sequence, hydrocarbon production at the Barracouta field was assumed to continue for another 10 years at
current production (adding an additional 0.4 Tcf gas production) and then stop. The overall modelled
hydrocarbon production for the Barracouta field reaches 1.9 Tcf compared to an estimated 2.05 Tcf of reserves
(Hart et al., 2006).
Table 10. Location of simulated CO2 injection wells.
No.

X(m)

Y(m)

Interval(mss)

1

532256

5766133

1150-1300

2

543770

5767035

1250-1400

The distribution of the CO2 plume and pressure impacts at the end of injection for the three injection rates
through Injector 1 are shown in Figure 44 and Figure 45, respectively. In all cases, the injected CO2 migrates
eastward and accumulates in the Pelican structure below the intraformational seal at the base of the Cobia
Subgroup. The CO2 is predicted to be largely contained in the top Halibut injection interval for 1000 years postinjection (Figure 44). An intraformational low-permeability layer in the injection interval results in the partial
separation of migrating CO2 into two distinct plumes. The maximum predicted overpressure due to injection for
an injection rate of 5 Mt/year after 20 years is 620 kPa (Figure 45). The maximum radius of pressure impact is
less than 10 km around Injector 1. In contrast to the impacts of injection into a hydrostatically pressured aquifer,
injection-induced overpressures in this model are partly compensated by the large area of underpressure around
the Barracouta field in the east and strong aquifer pressure support from the western boundary.
The simulation results for CO2 plume and pressure impacts at the end of injection for the three injection rates
through Injector 2 (Figure 46 and Figure 47) have similar patterns and magnitudes as those for Injector 1. In
these cases, CO2 migrates westward within the top of the Halibut interval into the Pelican structure and
maximum overpressures due to injection after 20 years are 565 kPa. Although Injector 2 is located closer to
the area of production-induced underpressures than Injector 1, the hydraulic gradient is not strong enough to
change the direction of buoyancy-driven CO2 migration into the top of the Golden Beach structure.
Figure 48 shows in more detail the impact of hydrocarbon production and CO 2 injection on pressure at selected
well locations. Before the commencement of CO2 injection all wells are underpressured to various degrees
due to production from Barracouta. The production-induced underpressures range from -965 kPa at
Barracouta-A5 to approximately -10 kPa at Lake Reeve-1 (Figure 48). At all locations the predicted
underpressures would not have recovered significantly after 20 years in the case of no CO 2 injection. Only in
the vicinity of the Pelican structure (Golden Beach-1A, Injector 1, Injector 2), pressures after 20 years of CO 2
injection are forecasted to exceed pre-hydrocarbon production pressures by up to 400 kPa. These
overpressures are limited to the injection interval in the top of the Halibut Subgroup. The maximum
overpressures of up to 620 kPa are observed in the CO2 accumulations at the top of the Golden Beach
structure. In the onshore wells (Dutson Downs-1, Carr’s Creek-1, Lake Reeve-1), CO2 injection pressures
appear to counterbalance the production-induced underpressures, at least in the top of the Halibut, without
resulting in any noticeable overpressures with respect to pre-hydrocarbon production conditions. In the eastern
part of the model area, underpressures are predicted to recover slightly more rapidly due to the impact of CO 2
injection, but not reaching pre-production conditions. These latter results need to be considered with caution
given the simplification of model parameters in this part of the model.
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Figure 44. CO2 saturation along cross-section BB’ after 20 Years of CO2 injection through Injector 1 for injection
rates of 1 Mt (top), 2.5 Mt (middle) and 5 Mt (bottom). The cross-sections on the right show CO2 saturation for the
respective injection rates after 1000 years.
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Figure 45. Pressure difference along cross-section BB’ after 20 Years of CO2 injection through Injector 1 for
injection rates of 1 Mt (top), 2.5 Mt (middle) and 5 Mt (bottom). Differences are in kPa with respect to conditions
pre-hydrocarbon production.
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Figure 46. CO2 saturation along cross-section BB’ after 20 Years of CO2 injection through Injector 2 for injection
rates of 1 Mt (top), 2.5 Mt (middle) and 5 Mt (bottom). The cross-sections on the right show CO2 saturation for the
respective injection rates after 1000 years.
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Figure 47. Pressure difference along cross-section BB’ after 20 Years of CO2 injection through Injector 2 for
injection rates of 1 Mt (top), 2.5 Mt (middle) and 5 Mt (bottom). Differences are in kPa with respect to conditions
pre-hydrocarbon production.

57
Commercial-in-Confidence

Figure 48. Comparison of simulated pressure changes at selected wells in response to 42 years of hydrocarbon
production and 20 years of CO2 injection.
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The impacts of injection and production on changes in salinity at selected well locations are shown in Figure
49. As previously shown by the generic 1D radial simulations, the biggest changes, either increases or
decreases, in salinity occur in areas with an initially high salinity gradient. For example at Barracouta-A5 and
Seahorse-1, peaks of salinity change coincide with contrasting initial salinity in neighbouring model layers,
specifically along the Cobia-Lakes Entrance, Cobia-Halibut and top Halibut-middle Halibut interfaces. Either
high-salinity water from the lowermost portion of the Lakes Entrance Formation is expelled under the
production-induced hydraulic gradient into the upper most Cobia resulting in a salinity increase of up to 7000
mg/l at Barracouta-A5, or low-salinity water from the top Halibut is forced into the higher salinity middle Halibut,
causing a freshening of formation water in the top Halibut by up to 4000 mg/l at Seahorse-1. These changes
are restricted to the thickness of a single grid block, hence are very sensitive to the thickness of the cell.
Accordingly, although there is a relatively low flux from the low-permeability Lakes Entrance seal into the
Cobia, the Cobia layer is relatively thin and small volumes of high-salinity water influx result in large salinity
changes. At these two wells, changes in salinity are solely due to production from Barracouta without any
significant additional impacts from the CO2 injection scenarios.
At the CO2 injection wells, a salinity increase of up to 1000 mg/l is simulated for the injection interval and
appears to be the result of water dissolving into CO 2 in close vicinity of the injector. Barracouta production
does not appear to affect salinity at the two injectors, except for a slight salinity decrease of 400 mg/l at the
Halibut-Cobia interface in Injector 1. On the other hand, salinity changes at Golden Beach-1A appear to be
mainly caused by production from Barracouta.
Salinity of formation water in the onshore wells does not appear to be impacted by either production or injection.
A slight salinity decrease of up to 200 mg/l is simulated at the Cobia-Lakes Entrance interface, in response to
the penetration of low-salinity water from the Cobia into the lowest cells of the Lakes Entrance seal. The -2000
mg/l peak at the top Halibut-Golden Beach interface is a local artefact due to slightly erroneous salinity
initialisation in very thin cells. The middle and bottom Halibut layer are eroded in this area and represented by
very thin grid cells that have higher salinity (2600 mg/l) than the underlying Golden Beach (600 mg/l) and only
a low upward flux is necessary to displace the higher salinity water with freshwater. While this local inaccuracy
has no significant impact on the overall simulation results, it highlights the sensitivity of changes in salinity to
grid discretisation and initial salinity gradients.
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Figure 49. Comparison of simulated salinity changes at selected wells in response to 42 years of hydrocarbon
production and 20 years of CO2 injection. The initial salinity profile is shown as blue dashed line.
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4.2.6 MODEL LIMITATIONS
There are a series of limitations associated with the modelling presented in this study which were not
addressed due to time constraints but could be addressed in the future to decrease model uncertainties if
required to address specific issues.

Geological model – scaling of hydraulic properties
The initial geological model provided by CarbonNet had to be upscaled, the layering changed and hydraulic
properties needed to be grouped in rock facies for efficient implementation in the PetraSim/TOUGH2
simulations. Although it was attempted to honour the CarbonNet model as much as possible, the translation
of property models may have resulted locally in oversimplification or inappropriate modification of
hydrostratigraphically relevant features, i.e., contiguity of intra-formational seals or channels. Sometimes these
could only be identified in relatively late stages of the modelling and calibration, and could not always be
rectified within the timeframe of this project. Also, features may exist in the original model that could be
changed for better model calibration, i.e., calibration to the pre-CO2 injection production history. This type of
model calibration turned out to be a larger task than anticipated in the initial project scope.

Simplified boundary conditions
The constant-pressure boundary along the western boundary does not account for onshore water production.
It assumes a constant freshwater hydraulic head value along this boundary and simulation of fluid withdrawal
or injection results, respectively, in increased or decreased formation water flow into the model domain from
the west. For the purposes of the current modelling study this type of boundary was deemed appropriate
because the main pre-CO2 injection hydraulic gradient is caused by fluid production from the Barracouta field.
Given the distance between the western boundary and Barracouta in relation to the production rates, the
hydraulic gradient across the model would only slightly decrease if the pressure was allowed to be lowered at
the western boundary with insignificant impacts on the location of the low-salinity wedge. CO2 injection rates
at the simulated locations are sufficiently low and at a large enough distance from the boundary that no CO 2
would reach the boundary or that injection pressures would reverse the flow across the boundary. If injection
rates were higher and more accuracy was required with respect to fluid fluxes from the onshore area into the
offshore Latrobe aquifer, a time-dependant flow boundary could be implemented in future modelling studies.
However, this would also require more detailed information on (the change in) recharge rates and groundwater
production volumes in the onshore area.
The remaining lateral boundaries in the north, east and south are modelled as ‘aquifer boundaries’ with large
cell volumes at the Latrobe level to account for the aquifer size outside the model boundary. This allows for
relatively unrestricted flow across these boundaries but does not account for any production influences on flow
from petroleum fields located outside the model area. For the purpose of this study it was assumed that, given
its proximity, production from Barracouta had the majority of impact on flow in the near-shore area and
production from other fields could be neglected. In future modelling studies, the cumulative production impacts
could be implemented through a time-dependant flow boundary in the east. However, this would require
pressure history information for surrounding fields and additional calibration of cumulative production impacts
on formation pressure on a more regional scale than the extent of the current near-shore model.

Implementation of Barracouta production
The TOUGH2-ECO2N module only simulates the water-CO2-NaCl system and cannot implicitly account for
the methane production at Barracouta. Instead Barracouta production was implemented by withdrawing water
at a volumetrically equivalent rate, thereby neglecting any impacts of relative permeability and residual gas
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saturation on changes in water flow and pressure depletion. Model calibration is based on the pressure history
of the Barracouta field and does not account for production from other petroleum fields (i.e. Snapper, Marlin)
or onshore groundwater production. The permeability and porosity for the upper Latrobe aquifer layers in the
area of the Barracouta reservoir had to be increased significantly for matching the maximum observed
pressure decline. The distribution of hydraulic properties in the initial geological model resulted in an excessive
decrease in pressure in response to production, indicating insufficient pressure support from the surrounding
aquifer. The only other way to match the pressure history would have been to decrease the production rate.
While there are non-uniqueness issues related to production rates versus hydraulic properties in the Latrobe
aquifer in the vicinity of the Barracouta field, the simulated impacts on pressure and salinity distribution in the
region of CO2 injection still have a qualitative value. However, it should be noted that it appears that the current
model underestimates the lateral interconnectivity at the Cobia and upper Halibut levels in the eastern third of
the model. In the future, there maybe a need for better calibration of the hydraulic property distribution in the
vicinity of the Barracouta field using a reservoir model that can simulate gas production (methane-water
system).

Sensitivity analysis
Due to time constraints, limited sensitivity analysis has been performed for the near-shore Gippsland Basin
simulations. Future work may be needed to investigate the sensitivity of formation water fluxes, CO2 migration
and changes in salinity in response to variations in porosity/permeability values and boundary conditions. Still,
some general observations can be made.
Containment of the injected CO2 in the injection interval within the Pelican structure is not sensitive to the
global porosity-permeability values or boundary conditions because, in the far-field of the injection well, CO2
will migrate due to buoyancy towards the structural high. Unrealistically high hydraulic gradients and formation
water fluxes would be needed to flush CO2 from the structure or reverse the migration direction.
The results from the various stages in the modelling (1D, 2D, 3D low-salinity wedge emplacement, 3D
Barracouta production, 3D CO2 injection scenarios) give a good indication about the sensitivity of low-salinity
wedge dynamics in response to petroleum production and CO2 injection. All simulations in this project suggest
that the modelled production and injection rates only result in salinity variations along the periphery of the lowsalinity wedge where salinity gradients are high, without significantly impacting the overall extent or volume of
the low-salinity body. Displacement of low-salinity formation water is probably relatively insensitive to any of the
model parameters due to the large volume contrast between low-salinity water and produced or injected fluids.
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5 Interpretation
The ultimate objective of this study was to determine the degree of impact that CO2 injection has on the salinity
distribution in the Latrobe aquifer in the near-shore area of the Gippsland Basin. The diagenetic history, fluid
inclusion and present-day formation water analyses were used in unfolding the evolution of the low-salinity
wedge in the Latrobe aquifer over geological times as a first step in establishing the sensitivity of the interplay
between fresh meteoric water and seawater in this marginal marine setting and for defining the natural
boundary conditions. Secondly, long-term simulations were performed to investigate the timing of freshwater
emplacement in the Latrobe aquifer. In the third step, numerical simulations of fluid production over the last 40
years provided a better understanding of the impact of man-made stresses on formation water flow and on the
salinity distribution in the Latrobe aquifer. It also provided a calibrated model that was used for the simulation
of CO2 injection cases in the fourth and final step.

5.1. Evolution of formation water
The integration of findings from previous hydrogeological studies with the fluid inclusion work (Appendix B),
hydrogeochemistry and reservoir simulations in this study resulted in following interpretation of the evolution
of the low-salinity wedge in the Gippsland Basin (Figure 50):
1) The paleo-shoreline during deposition of the Latrobe Group sediments moved back and forth over a
length of approximately 50 km in response to eustatic sea level changes; yet generally remained east
of the present-day shoreline (Partridge, 1999). No major contiguous low-permeability sediments were
deposited during this period, particularly not in the near-shore area, and the freshwater-seawater mixing
zone had the form of a conventional seawater wedge sub-parallel to the paleo-shoreline. The depth to
the saline water, zs would have been determined by the height of the freshwater column zw in the onshore
area according to the Ghyben-Herzberg relationship: zs = 40 zw. No sufficient data exist on the onshore
paleo-topography and the actual extent of the seawater wedge cannot be estimated.
The rock samples from the Latrobe Group that were used for the fluid inclusion work would have been
unconsolidated at this point in time with approximately ambient formation temperature and salinity
representative of connate water (i.e. < 5 g/l for the near-shore sample and 35 g/l for the distal sample).
2) With the deposition of the marine Lakes Entrance Formation, the shoreline had migrated west of the
present-day coast, forming a regional aquitard and seal and resulting in confinement of the Latrobe
aquifer in the offshore area. Early diagenesis and a protruding saltwater wedge resulted in a change in
formation water chemistry and a slight increase in salinity.
3) Maximum marine transgression was reached approximately 5 Ma during deposition of the Gippsland
Limestone, which resulted in further westward movement of the saltwater wedge. The Latrobe Group
was rapidly buried and late-stage quartz and dolomite cements were formed containing fluid inclusions
sampled in this study. The fluid inclusion data clearly reflect the increased temperature and salinity
conditions in the Latrobe aquifer. The initially low-salinity near-shore sample had mixed with highersalinity formation water reaching approximately 20 g/l, whereas the salinity at the distal sample location
increased further beyond seawater salinity (~40 g/l) due to ongoing water-rock interactions.
4) In the last 5 Ma the shoreline advanced eastward to the present-day location. The freshwater-saltwater
interface in shallow aquifers closely follows the present-day shoreline in the form of a conventional
seawater wedge and a low-salinity wedge has formed in the Latrobe aquifer, displacing saline water
downdip, several kilometres offshore. The depth of low-salinity water is currently between 1900 m and
2100 m, which according to the Ghyben-Herzberg relationship is equivalent to a freshwater column
height (or freshwater hydraulic head) of approximately 50 m. The formation of the low-salinity wedge in
the last 5 Ma and relatively recent dilution of formation water in the near-shore area of the Latrobe
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aquifer is corroborated by the significantly lower salinity of present-day formation water compared to the
salinity of the fluid inclusions at the same location.
The Lake Entrance aquitard limits vertical hydraulic communication between the Latrobe aquifer and
the Gippsland Limestone; hence formation water mixing is a result of lateral formation water flow within
the Latrobe aquifer. The back-and-forth of saltwater movement during the basin history resulted in a
relatively broad area of brackish water (5-35 g/l) in the Latrobe aquifer.
To further constrain the timing of the low-salinity wedge emplacement, the current age of formation water in
the Latrobe aquifer was determined from 14C isotope analysis, ranging from recent to 40 thousand years at
approximately 800 m depth in the onshore area. However, it appears that the older Latrobe formation waters
are from the area north of the Rosedale fault and water in the Latrobe aquifer in the Seaspray Depression is
relatively young (<6000 years) due to a well-connected, high-permeability aquifer with relatively strong
hydraulic gradient. There is no indication from stable and strontium isotopes for seawater mixing in any of the
onshore water samples. Unfortunately, no age dates or other isotopic information were available for formation
water in the offshore portion of the low-salinity wedge. However, given that the source for freshwater in the
Latrobe aquifer is meteoric recharge onshore, formation water in the aquifer offshore is likely to be older than
40 thousand years due to the additional migration distance. In addition, it would take considerable time to
displace such a large volume of higher salinity water with freshwater, suggesting that the low-salinity wedge
with its current extent is a least 50 thousand years old.
The most critical parameters that determine how quickly freshwater can displace saline water in the confined
Latrobe aquifer are the hydraulic gradient and the aquifer permeability. The majority of the diagenetic
processes and sediment compaction would have been completed around the time of maximum burial and
global changes in Latrobe aquifer permeability were probably relatively small over the last million years. The
hydraulic gradient over the same time, on the other hand, could have varied substantially depending on changes
of ground surface topography and precipitation, which are both relatively badly constrained. Recognizing these
uncertainties, simplified long-term simulations suggest that it would have taken on the order of 200 thousand
years (+/- 100 ka) for the development of the current location and volume of the low-salinity wedge.
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Figure 50. Diagrammatic representation of the evolution of formation water during subsidence of the Gippsland
Basin, spanning deposition of Latrobe Group to Recent sediments. The green and red colours represent core
sample and salinity vs. temperature variation for a proximal and distal sample locations, respectively.
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5.2.

Effects of fluid production and injection

More than 40 years of petroleum production, mine dewatering and groundwater use have changed the natural
flow systems in the Gippsland Basin as shown by a fall in water levels of up to 40 m in the onshore and decline
in offshore reservoir pressures by up to 2500 kPa. However, the impacts on the salinity distribution and, more
specifically, on the location of the low-salinity wedge in the Latrobe aquifer appear to be relatively small. The
simulation results from this study suggest that in the near-shore area 42 years of fluid production from
Barracouta has significantly depleted formation pressures in the Latrobe aquifer, decreasing from -900 kPa at
Barracouta to approximately -100 kPa in the onshore portion of the aquifer. The pressure depletion affects a
large thickness (up to 1000 m) of the Latrobe aquifer including at least the Cobia, upper and lower Halibut
intervals as supported by observations of vertically continuous pressure decline in nearby wells. The relatively
low natural hydraulic gradient (pre-production) driving formation water flow eastward in the Latrobe aquifer is
increased by the pressure sink at the Barracouta field, resulting in an increase influx of freshwater from the
onshore area. The additional volume of freshwater entering the Latrobe aquifer from the west in combination
with the change in flow patterns particularly in the vicinity of the Barracouta field only has a relatively small impact
on the salinity distribution. These changes mainly occur along the transition zone between low-salinity water
(<4000 mg/l) and formation water of seawater salinity (~35,000 mg/l). The impact on onshore salinity is relatively
small (< 200 mg/l) decrease in salinity or freshening, due to the increased influx of fresh, meteoric water.
The impact of CO2 injection results in an increase in formation pressure of up to +620 kPa at the injection site,
a magnitude slightly lower and reversed compared to the production effects. Twenty years of injecting a
maximum volume of 100 Mt CO2 into the top Halibut interval just west or east of the Pelican structure
corresponds volumetrically to approximately 200-250 GL less than the total fluids produced from Barracouta
and, after injection has ceased, the majority of the Latrobe aquifer remains underpressured with respect to
pre-production conditions. Accordingly, the simulations predict no salinity changes, and, more specifically, no
salinisation of groundwater due to CO2 injection in onshore wells. Also, the injected CO 2 is contained within
the upper Halibut injection interval of the Pelican structure with no CO2 migrating laterally into the onshore
portion of the Latrobe aquifer or towards the Barracouta reservoir.
The above simulation results are constrained by the uncertainties of the model. Given the large aquifer volume
(~110,000 GL excluding volume of aquifer boundary cells’) compared to production (400 GL) and injection
(150-200 GL at reservoir conditions) volumes, the impact of production and injection on the salinity distribution
does not appear to be very sensitive to the boundary conditions and the range and distribution of hydraulic
parameters. However, the simulated maximum pressures changes in the vicinity of production and injection
sites, as well as the time of pressure recovery has higher uncertainties, mainly due to simplifications of the
geological model and production at Barracouta. More sensitivity studies may be needed to further assess these
uncertainties. Also, containment of the injected CO 2 within the upper Halibut relies heavily on the assumption
that the overlying intra-formational seal at the base of the Cobia Subgroup is contiguous over the area of the
Pelican structure. While this may be a reasonable assumption based on geological interpretations, possible
migration of CO2 into the Cobia should be assessed by investigating the sensitivity of variations in the seal
hydraulic properties on vertical CO2 leakage. It should be noted however that even if CO 2 should migrate into
the Cobia, it would still be contained within the structure and confined by the Lakes Entrance Formation
providing the main regional seal at the top of the Latrobe Group.
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6 Conclusions
The evolution of the low-salinity wedge and the impact of commercial-scale storage of CO2 in the Latrobe
aquifer in the near-shore area of the Seaspray Depression in the Gippsland Basin were investigated in the
project by fluid inclusion work, analysis of present-day formation water and numerical flow simulations.
The fluid inclusion data demonstrate that paleo-salinities of formation water in the Latrobe aquifer were
generally higher than present-day salinities, suggesting that the low-salinity wedge is younger than the
formation of the fluid inclusions and must have formed sometimes during the last 5 million years. The oldest
formation water age form water samples in the onshore Latrobe aquifer is on the order of 30-40 thousand
years. Water in the offshore area of the Latrobe aquifer is farther along the regional flow path; hence must be
older than those 50 thousand years. First-order numerical simulations and volumetric consideration further
constrain the timing of the emplacement of freshwater to its current extent, which is estimated to have taken
on the order of 200 thousand years.
Groundwater extraction for irrigation use (since the early 1900s). large-scale mine dewatering (since the
1960s) and petroleum and associated water production (since 1968) have removed a combined fluid volume
on the order of 7 billion cubic metres from the Latrobe aquifer. This has been only partly offset by meteoric
recharge resulting in a basin-wide underpressuring of the Latrobe aquifer as demonstrated by up to 40 m water
level declines in the onshore and up to 3 MPa pressure drawdown (equivalent to 300 m hydraulic head) in the
vicinity of offshore petroleum fields (Varma and Michael, 2012). In the Seaspray Depression, there is only
limited groundwater production from the onshore Latrobe aquifer, but significant petroleum and associated
water production from offshore fields. The focus of the current project’s numerical simulations was the nearshore area in the Seaspray Depression, and the model area included the Barracouta field (~400 million m3
total fluid production). Simulation results of injecting up to a total of 100 million tonnes of CO2 (~150-200 million
m3 at reservoir conditions) into the low-salinity portion in the upper part of the Latrobe aquifer in the vicinity of
the CarbonNet Pelican site do not show a potential for significant salinity increase in the onshore parts of the
aquifer. Changes in formation water salinity due to CO 2 injection occur mainly where salinity gradients are
high, i.e. along the transition between freshwater and higher salinity water. These results are in agreement
with generic simulations and other simulation studies in the literature (i.e. Birkholzer et al., 2009), suggesting
that CO2 geological storage does not result in significant brine displacement in the far-field of an injection site.
As shown by this project’s simulation results, the substantial production-induced pressure decline of up to an
equivalent of 90 m freshwater head in the offshore parts of the Latrobe aquifer results potentially in a smaller
area of pressure impact and provides additional CO2 storage capacity compared to injection into a
hydrostatically-pressured aquifer.
In the case of the Gippsland Basin, the freshwater-saltwater transition zone has already been altered in
response to production, both onshore through mine dewatering and groundwater extraction as well as offshore
due to petroleum production. In addition, change in precipitation and recharge would have had an effect on
the flow in the Latrobe aquifer and the distribution of salinity. Due to a lack of sufficient geographically
distributed and historical salinity data, it is difficult to determine exactly the natural, pre-production location of
the low-salinity wedge in the Latrobe aquifer. However, the simulation results from this study suggest that
changes in pressure on the order of 100 kPa (equivalent to approximately 10 m freshwater hydraulic head)
over a period of 50 years would have negligible and only localized impacts on the salinity distribution in the
Latrobe aquifer.
An increase in pressure may even be appreciated because it would counteract the recent trend of
underpressuring in the Gippsland Basin. For example, CO2 geological storage could be of benefit to the
petroleum industry in the Gippsland Basin by providing pressure support for declining reservoirs as long as an
appropriate injection strategy avoids contamination of petroleum fields still under production.
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CO2 injection may also present a benefit to onshore water users by reducing the rate of water level decline in
the onshore Latrobe aquifer, providing that updip CO2 migration into shallow groundwater can be avoided, as
would be the case in the Pelican injection scenarios.
A series of aspects were not fully addressed in the current study due to time constraints or because they were
beyond the project scope. To reduce model uncertainties and improve predictability of the impacts of CO 2
injection on hydrodynamics in the near-shore area of the Gippsland Basin future work could, subject to
confirming the specific questions to be addressed, include:
1. Sampling and analysis of formation water from the offshore part of the Latrobe aquifer for better
constraining the age of the low-salinity wedge.
2. Incorporation of cumulative production impacts from other petroleum fields along the eastern
boundary of the near-shore model.
3. Modelling of the impacts of onshore groundwater production.
4. Assessment of CO2 storage efficiency (dissolved versus free-phase) over time.
5. Comprehensive sensitivity analysis of key model parameters (i.e. boundary conditions, permeability
anisotropy, seal contiguity).
Updating and upscaling of the geological model has proven to be more challenging and time consuming than
initially thought. Therefore, an important lesson from the current project would be that there is a need for
purpose-built models at various scales and resolutions to answer specific questions. For example, initial model
calibration and assessment of the sensitivities of regional-scale pressure impacts could be run more efficiently
on relatively large, coarse-scaled models, whereas detailed CO2 migration and chemical impacts on fluid
chemistry, reservoir rocks and seals would require a smaller, high-resolution model. More time should be spent
on different geological model realisations and on developing an efficient upscaling process.
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Appendix A: History match of gas production at the Barracouta field and CO 2 injection scenarios
(Phase II)

71

A.1

Objectives & Milestones ........................................................................................................................ 2

A.2

CarbonNet model v3.3.1 of the Gippsland Basin near-shore area ....................................................... 3

A.3

Barracouta field ..................................................................................................................................... 8

A.4

Simulation setup and parameters .......................................................................................................11
A.4.1 Reservoir fluids .........................................................................................................................11
A.4.2 Rock fluid properties .................................................................................................................11
A.4.3 Reservoir volume, gas in place and equilibrium data ...............................................................14
A.4.4 Boundary conditions..................................................................................................................16
A.4.5 Barracouta production ...............................................................................................................17

A.5

Dynamic data and history matching ....................................................................................................18
A.5.1 Observation parameters............................................................................................................18
A.5.2 Monitoring points .......................................................................................................................19
A.5.3 History matching workflow ........................................................................................................19

A.6

Reservoir simulation results ................................................................................................................20
A.6.1 Gas production and original gas in place ..................................................................................20
A.6.2 simulations with the original CarbonNet model .........................................................................21
A.6.3 calibration using a Homogeneous reservoir model ...................................................................24
A.6.4 History match of the carbonnet model ......................................................................................27

A.7

Water equivalent production................................................................................................................33

A.8

Simulation scenarios of CO2 injection .................................................................................................34
A.8.1 Model setup ...............................................................................................................................34
A.8.3 Simulations of pre-production flow system and Barracouta production impacts ......................38
A.8.4 CO2 injection simulations ..........................................................................................................42

A.9

Conclusions .........................................................................................................................................48

A.10

References ..........................................................................................................................................49

A-1
Commercial-in-Confidence

A.1

Objectives & Milestones

The main objective of this work was to perform a history match of the Barracouta field production to constrain
some of the parameters (such as initial and boundary conditions, reservoir absolute permeability, reservoir
porosity, anisotropy ratio, etc.) and to determine the equivalent water production rates at Barracouta to be
used in an update of the reservoir model for the Pelican carbon storage simulations in the main part of the
report. The geological model was provided by CarbonNet and was built using seismic data and petrophysical
log data of 20 wells including hydraulic properties (e.g. permeability and porosity). Although the complexity of
the models is extensive, the model dynamic behaviour had not been tested and was not calibrated to existing
hydrodynamic data. The Barracouta field is the closest major hydrocarbon production area in the vicinity of the
proposed CarbonNet injection site. It also has a comprehensive set of pressure, gas water contact and
production history data for a period of 42+ years. The Barracouta field is contained within the model area for
carbon storage simulations and it was expected that by calibrating the model to the Barracouta field production,
the parameters of the modelled area could be better constrained and a better understanding of the fluid flow
process in the near-shore Gippsland Basin will be provided.
A large effort from CarbonNet and CSIRO went into understanding and amending the geological and reservoir
models. Several iterations of geological models of the near-shore Gippsland Basin area have been used and
developed in the course of this study. The simulation efforts presented in this appendix and outlined in Figure
A- 1 focus on the latest version of the geological model provided by CarbonNet, including:
1. A calibration of the up-scaled CarbonNet geological model to the production history of Barracouta
using the Tempest reservoir simulation software.
2. An analysis of gas-to-water fluid equivalent flow rate conversion for improving the implementation of
Barracouta production in the TOUGH2 model.
3. Additional sensitivity assessment of the vertical anisotropy ratios, which would investigate the impact
of vertical hydraulic connectivity on the pressure response due to Barracouta production and CO 2
injection.
4. Variation of boundary conditions and Barracouta production rates for assessing their respective
sensitivities and for better characterising aquifer contiguity in the vicinity of the Barracouta field.
5. Re-run of CO2 injection simulations with the updated model
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Barracouta
Gas production
Tempest-MORE

Barracouta
Gas production
History matched

History Matching
Tempest-MORE

Barracouta
Water production
History matched

Parameter
sensitivity
Tempest-MORE

CO2 injection
TOUGH2 model

Figure A- 1: Flow chart outlining the modelling steps for the history matching of gas production from the
Barracouta field.

A.2 CarbonNet model v3.3.1 of the Gippsland Basin nearshore area
The model area was changed compared to Phase I by including the full extent of the Barracouta field and the
Beardie-1 well (Figure A- 2), the latter having MDT data that were used for calibrating aquifer pressure
depletion away from the Barracouta field.
The Barracouta production history match involved the following steps:
x
x
x
x
x

Loading and quality control of the CarbonNet geological model using RMS
Perform Barracouta gas production simulation using Tempest-More
Perform history-matching of the model to Barracouta gas production
Evaluate an equivalent water production which produces the same pressure drop at locations using
Tempest-More water production simulation
Transfer the history matched model to Petrasim and perform the CO2 injection simulations
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Figure A- 2: Location map showing petroleum wells, gas & oil fields, and the extents of the Phase I 2.2 model
(red), Phase II fine 3.3 model (black) and the upscaled model centred on the Barrcouta field (purple).

CarbonNet has generated a fine-scale reservoir model (version 3.3 of the area). From this fine model, an
upscaled model was derived and populated with hydraulic properties for calibration to the Barracouta
production history, which was performed in a smaller area around the Barracouta field (Figure A- 4 and Figure
A- 5). The upscaled Barracouta field model contains 138 x 83 x 263 cells (3,012,402 cells) with 2,450,448
active cells. Significant efforts went into the evaluation of model 3.3. Following some issues associated with
the connection between the two segments of the main reservoir, a new v3.3.1 model was built and final results
are presented only for v3.3.1.
CarbonNet provided a geological model containing the geological grid, faults and horizons for the different
zones, and the effective porosity and horizontal permeability distribution (Figure A- 3). A ratio of 0.1 is assumed
for vertical to horizontal permeability.
The CarbonNet model comprises more than 58 zones which cover the following stratigraphic horizons
(Figure A- 6):
•

Lakes Entrance

•

Cobia

•

Top Halibut

•

Lower Halibut
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Figure A- 3: Perspective view of the permeability distribution in the v3.3.1 geological model with selected wells
(x,y,z coordinates are in meters). The red line show approximately the shoreline and the black polygon depicts
the outline of the Phase I model area at the level of the Lakes Entrace formation.
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Figure A- 4: Cross-section through the Barracouta field showing the permeability distribution for the fine (top)
and upscaled model (bottom). The model was upscaled only horizontally by increasing the x, y grid dimensions
from 100 m to 250 m. See Figure A- 7 for line of cross-section.

A-6
Commercial-in-Confidence

Figure A- 5: Cross-section through the Barracouta field showing the porosity distribution for the fine (top) and
upscaled model (bottom). The model was upscaled only horizontally by increasing the x, y grid dimensions from
100 m to 250 m. See Figure A- 7 for line of cross-section.
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Figure A- 6: Cross-section of the model showing the different formations represented in the model. The crosssection location is presented in Figure A- 7.

A.3

Barracouta field

A detailed description of the Barracouta field can be found in Hart et al., 2006. The Barracouta gas field was
discovered in the mid-1960 and commenced production in 1967-1968. It has been a significant producer in the
Gippsland Basin for more than 45 years with a cumulative gas production of approximately 35 billion m 3 and
some minor oil production. All of the current production has been from the eastern part of the structural closure
(Figure A- 7) through a well pad including 7 gas and 3 oil producers (Figure A- 8).
The Barracouta field has four identified main reservoirs (N-1, N-4, N-5 and M-1) in the upper part of the Latrobe
Group (Figure A- 9). The N-1 gas reservoir is by far the most significant and will be the only one studied. The
N-1 reservoir is contained within an elongated anticlinal structure 20 km by 5 km, separated into western and
eastern compartments (referred to as segments later on) by a down to the west normal fault. The two
compartments share a common original gas-water contact at 1,151.5 m. Based on a mass balance study and
seismic interpretation, Hart et al. (2006) concluded that the west and east compartments are hydraulically
connected from 1151.5 to 1141 m (Figure A- 10).
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Figure A- 7: Barracouta field, thickness map showing line of cross-section. The cross-section is identical to the
Hart et al., 2006 cross-section shown in Figure A- 8 and Figure A- 10.

Figure A- 8: Simplified structure map of the barracouta field, highlighting well coverage and segmenting fault
(Hart et al., 2006).
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Figure A- 9: Schematics cross-section of the Barracouta field showing the West and East segments, the
different reservoirs and selected key wells (Malek and Mehin, 1998).

Figure A- 10: Schematics of a three-tank representation of the Barracouta field (from Hart et al., 2006).

Gas is produced from the N-1 reservoirs while oil is produced from the N-4, N-5 and M-1 reservoirs. The field
development is as follow:
-

7 gas producers (Barracouta-A1, Barracouta-A2, Barracouta-A3, Barracouta-A7, Barracouta-A8,
Barracouta-A9 and Barracouta-A10)
3 oil producers (Barracouta-A4, Barracouta-A5 and Barracouta-A6)
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A.4

Simulation setup and parameters

This section presents the different parameters used in the reservoir simulations. Fluid flow numerical
simulations were performed using Tempest-MORE®. Results are analysed and displayed using TempestView, the Matlab Reservoir Simulation Toolbox (Lie et al., 2012) and in-house post-processing and
visualization algorithms. Tempest-MORE® is a commercial reservoir fluid flow simulator developed and
maintained by Emerson Process Management. The software is recognised as a standard by the industry for
multiphase flow and hydrocarbon production. It is used for the history matching of the Barracouta field using
black-oil simulation.

A.4.1 RESERVOIR FLUIDS
Gas and water are assumed to be the only fluids present in the model. Gas composition is available from
analysis of gas samples acquired at Barracouta-1 (Altona, 1965) and shown in Figure A- 11.
(a)
Component
Methane

(b)
Fraction
0.87

Ethane

0.053

Propane

0.02

Iso-butane

0.011

N-butane

0.004

C5

0.004

CO2

0.005

N2

0.033

H2S
Total

0
1.00

Figure A- 11: (a) Gas composition; (b) Gas PVT data applied in the Tempest-MORE (black-oil).

A.4.2 ROCK FLUID PROPERTIES
To accommodate the multiphase flow effect, three rock-fluid facies (also referred as saturation zones) were
considered (Figure A- 12): Overburden (Lakes Entrance Formation), Barracouta reservoir and Aquifer (nonreservoir Cobia and Halibut). For each facies different relative permeability and capillary pressure functions
were defined (Figure A- 13 and Figure A- 15).
As no data were available for the overburden, the relative permeability model was computed using the
generalized Corey’s model (Corey, 1954) with a water exponent of 4 and a gas exponent of 3. The residual
gas and water saturation values were assumed to be 22% and 20%, respectively. The capillary pressure was
computed assuming that the seal is sufficient enough to hold a ~140m gas column (Barracouta reservoir).
Similarly, no data were available for the aquifer and the relative permeability model was computed using the
generalized Corey’s model (Corey, 1954) with a water exponent of 4 and a gas exponent of 3. The residual
gas and water saturation values were assumed to be 22% and 20%, respectively. The capillary pressure was
computed assuming that it is present but negligible for low gas saturations.
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Figure A- 12: Distribution of different rock-fluid facies zones along a cross-section through the Barracouta field.
Units along the x- and z-axis are in meters.
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Figure A- 13: Relative permeability and capillary pressure function for (a) overburden and (b) the Cobia and
Halibut except the Barracouta reservoir.
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Data based on core flooding experiments results from Marlin-A1 (Clothier et al., 1973) were available for the
reservoir facies:
•

Irreducible Water saturation : 20%

•

Residual gas saturation : 22.1 to 38.9 %

•

No information about end-points

•

Capillary pressure curve (Figure A- 14)

Overall, the relative permeability functions are ill-constrained because the end-points are missing and the
Corey exponents are unknown. The relative permeability model was computed using the generalized Corey’s
model (Corey, 1954) with a water exponent of 4 and a gas exponent of 3, typical of a sandstone reservoir. The
residual gas and water saturation were assumed to be 22% and 20%, respectively and end-points were chosen
that are typical for high permeability gas reservoirs. The capillary pressure is computed from the available
capillary pressure curves.
120
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100
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80

MAR-324
Series3
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60
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MAR-264

40
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Figure A- 14: Capillary pressure data from Marlin A-1.
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Figure A- 15: Relative permeability and capillary pressure function for (a) Sgr = 0.22 and krw = 0.8; (b) Sgr =
0.389 and Krw = 0.8

A.4.3 RESERVOIR VOLUME, GAS IN PLACE AND EQUILIBRIUM DATA
Initial pressures distribution
Henzell et al. (1984) reported initial pressure of 1619 psi at 1135 mss. Malek and Mehin (1998) provide basic
information about the Barracouta field that were used in the current model:
•

N-1 initial reservoir pressure: 1705 psia (117.6 bars)

•

N-1 initial reservoir temperature: 170 F (76 °C)

•

Pressure datum depth, 1127.8 m tvd

•

Gross N-1 reservoir thickness, 133 m tvd

•

Net N-1 reservoir thickness, 123 m tvd

•

Gas Water Contact, 1151.5 m tvd (Figure A- 16)

Two distinct equilibration regions were defined. The first one addressed specifically the overburden (Lakes
Entrance) and the second one focused on the Barracouta N-1 reservoir and the Latrobe aquifer (Cobia and
Halibut). The overburden and the aquifer below the reservoir were assumed to be 100% water saturated (the
N-4, N-5 and M-1 reservoirs are not modeled).
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Figure A- 16: Initial gas saturation distribution at selected wells which intersect the N-1 reservoir.

Original gas in place calculation
Assuming the reported GWC and irreducible water saturation (Malek and Mehin, 1998; Hart et al., 2006), the
fluid composition (Altona, 1965) and the porosity distribution in the CarbonNet geological v3.3 model, the
original gas in place for Barracouta field was estimated at 52 billion m 3. In comparison, Hart et al. (2006)
estimated recoverable gas in place to be in excess of 58 billion m 3 (Figure A- 17). According to records in the
Victorian government database (ECL, 1989) the Barracouta gas in place was reported as 75 billion m 3,
approximately 50% larger than the values derived from the CarbonNet model. As a result, porosity and
irreducible water saturation were important parameters that needed to be adjusted in the model calibration
process
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Figure A- 17: Barracouta GWC history and forecast production for East Barracouta production (modified from
Hart et al., 2006).

A.4.4 BOUNDARY CONDITIONS
In this work, we assume that the Lakes Entrance is a perfect seal and that the top of the model is not connected
to the overlying Gippsland Limestone. We also assume that the bottom of the model is not connected to the
Golden Beach formation. The CarbonNet 3.3.1 model has shales in the bottom layers that prevent vertical
communication. Therefore, we assume that the top and bottom boundary conditions are no- flow boundaries.
A material balance study was conducted by CarbonNet (Bagheri et al., 2013) to estimate the strength and
volume of the aquifer surrounding the Barracouta model area. The study considered Marlin and Barracouta
cumulative production and pressure drop and concluded that the Latrobe aquifer provides an aquifer support
to the field production on the order of 600,000 – 1,000,000 giga litres (GL). The total aquifer support is allocated
to each side of the model according to first approximation volumetrics as lateral connection on the four sides
of the model (Table A- 1).
Table A- 1: Aquifers parameters determining the lateral boundary conditions.

Aquifers

Porosity (fraction)

Permeability (mD)

Thickness (m)

Radius
(m)

Pore volume (GL)

Eastern

0.2

500

1000

25000

392500

Western

0.2

500

1000

14000

123088

Northern

0.2

500

1000

6000

22608

Southern

0.2

500

1000

12000
Total
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90432
628628

A.4.5 BARRACOUTA PRODUCTION
Barracouta gas production until 1998 was reported by Malek and Mehin (1998). VicDPI published annual total
gas production data up to 2008. These data were compiled by CarbonNet and CSIRO. Gas, oil and water are
produced at the Barracouta field. However, as oil and water production are negligible, oil and water are not
modelled. Gas production is assumed from the 7 gas producers (Barracouta-A1, Barracouta-A2, BarracoutaA3, Barracouta-A7, Barracouta-A8, Barracouta-A9 and Barracouta-A10). Well survey and perforation locations
are modeled based on data available in the respective well completion reports. All perforation intervals are
located within 2 km radius of Barracouta 2 in the eastern part of Barracouta (Figure A- 18). As gas production
is reported only as a total volume for all producers (Figure A- 19), individual well rates are unknown. The well
control for the flow modeling is fixed as group gas production rates with a bottom hole pressure limit.

Figure A- 18: Barracouta top reservoir depth map with gas producers path and completion locations. Note
angled 3D viewing perspective and refer to Figure A- 7 for scale.

Figure A- 19: Gas production annual rates and cumulative rates for the Barracouta field.
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A.5

Dynamic data and history matching

A.5.1 OBSERVATION PARAMETERS
Parameters used for calibrating the simulations were (Figure A- 20 and Figure A- 21):
x
x
x
x

Field gas production
Bottom-hole pressure data
Field gas water contact
Pressure data at Beardie-1
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Figure A- 20: Dynamic observation data for the Barracouta field comparing the decrease of reservoir pressures
to a) cumulative production volume and b) absolute reservoir pressure.
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Figure A- 21: Cumulative gas production and gas water contact over field production life .

A.5.2 MONITORING POINTS
To assess the quality of the history matching process, the results of the fluid flow simulations are compared
to:
•

Gas production history (rates and cumulative) of the Barracouta field

•

Gas-water contact level changes over time at Barracouta-2 for GWC surveillance in the eastern
segment

•

Gas-water contact level changes over time at Barracouta-3 for GWC surveillance in the western
segment

•

Average pressure drop in the east segment of the Barracouta field

•

Beardie-1 well pressure data in the far field of the Barracouta field

A.5.3 HISTORY MATCHING WORKFLOW
The history matching of the Barracouta field was performed according to following workflow:
1- Conduct sensitivity studies to identify the key parameters
2- Update reservoir to get GIIP, GWC movement and appropriate connection between west and east
segments of the Barracouta field
3- Update the remainder of the model to achieve the appropriate hydraulic connectivity for the observed
pressure drop in the Barracouta field and in the far field (Beardie-1).
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A.6

Reservoir simulation results

A.6.1 GAS PRODUCTION AND ORIGINAL GAS IN PLACE
As stated earlier, original gas in place in the CarbonNet 3.3.1 geological model is 52 billion m3 compared to
75.5 billion m3 reported by ECL (1989. Average porosity of the Barracouta N-1 reservoir is 12.5 % in the
CarbonNet model. Bagheri (2014) estimated the volume weighted average porosity in the Barracouta reservoir
based on the 3.3.1Gen static model to be 18.5 %. Hart et al. (2006) quote porosity values in the Barracouta
reservoir within the range of 23-32%. Malek and Mehin (1998) report an average of 20% reservoir porosity.
Table A- 2 summarises gas-in-place calculations using PVT gas analysis for different porosity values. The
assumed irreducible water saturation is 20% which is also confirmed by Malek and Mehin (1998). Therefore,
the original-gas-in place analysis suggests a lack of porosity in the reservoir part of the CarbonNet model.
Table A- 2: Summary of gas-in-place calculations for different reservoir porosity models

GIIP (million m3)
CarbonNet

52,000

Homogeneous
70,000
Porosity 20 %
Homogeneous
87,370
Porosity 25 %
Homogeneous
104,843
Porosity30 %
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A.6.2 SIMULATIONS WITH THE ORIGINAL CARBONNET MODEL
Flow simulations were performed using two sets of relative permeability for the reservoir, with gas residual
saturations of 22.2% and 38.8%, respectively. The results shows the model predicts faster than observed
pressure depletion (Figure A- 22), that the GWC rises too quickly (Figure A- 23 and Figure A- 24), and that
reported production rates cannot be maintained (Figure A- 25 and Figure A- 26) for both sets of residual
saturations. In contrast to the observations, there is almost no communication between the east and west
segments of the N-1 reservoir (Figure A- 27).

Figure A- 22: Simulated versus observed pressures over time for the east segment of the Barracouta field using
the initial CarbonNet model. Simulated bottomhole pressures (BHP) for selected well locations and average
reservoir pressure are compared to pressure data history from Hart et al. (2006).
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Figure A- 23: Profile of simulated gas saturation versus observed gas-water contact (red lines) over time for 22.2
% residual gas saturation.
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Top reservoir
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2004
1992
1983
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Transition zone

Figure A- 24: Profile of simulated gas saturation versus observed gas-water contact (red lines) over time for 38.8
% residual gas saturation.

Figure A- 25: History of simulated (blue) versus observed (grey) gas cumulative production for 22.2 % residual
gas saturation.

Figure A- 26: History of simulated (blue) versus observed (red) gas cumulative production for 38.8 % residual
gas saturation.
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Figure A- 27: Cross-section showing initial (1968) and simulated gas saturation in response to production up to
2010 in the east and west segments of the Barracouta field.

A.6.3 CALIBRATION USING A HOMOGENEOUS RESERVOIR MODEL
The previous simulations suggested:
x

A lack of original gas-in-place

x

A lack of connection between the west and east segments of the reservoir

x

A lack of aquifer pressure support

However, we are assuming the following:
x

If connection is adequate the aquifer definitions are reasonable

x

The relative permeability end points (Swi, Sgr) are reasonable.
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To build an understanding of the sensitive parameters, a homogeneous model was build and a sensitivity
study was conducted. The homogeneous model is defined based on the three rock-fluid facies (overburden,
Barracouta reservoir and the non-reservoir Cobia/ Halibut) shown in Figure A- 12.
For each of the three zones, the porosity and permeability were defined separately in each zone as a simple
attempt to capture reservoir and aquifer behaviour. Within each zone, the parameters are homogeneous. For
the homogeneous model simulation, the relative permeability and fluid PVTs were kept as in the
heterogeneous model runs. The well perforations and well production rates were kept identical as in the
heterogeneous model runs, as were the equilibration data.
In the simple scoping runs with the ‘homogeneous’ model, the parameters that were changed included
permeability and porosity in zone 2 (reservoir) and 3 (Cobia/Halibut) as well as in the modelled aquifer (Table
A- 3: Homogenous model property ranges used in the simulations. Table A- 3). The Kv/Kh ratio of 0.1 remained
unchanged.
Table A- 3: Homogenous model property ranges used in the simulations.

Zone

Permeability (mD)

Porosity (%)

Overburden

0.001 (one value)

10 (one value)

Reservoir

500-2000 (most likely 1000)

20-30 (most likely 25)

Rest (Cobia/Halibut)

100-300

20

More than 30 scoping simulations were used to investigate the different parameters. Results show that
increasing the porosity in the reservoir to 25% and the permeability to 1000 mD provides a reasonably good
match of the simulated pressure drawdown (Figure A- 28), gas-water contact, cumulative production (Figure
A- 29) and the limited communication between the west and east segments of the reservoir as depicted by the
difference in gas-water contact. (Figure A- 30).
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Figure A- 28: Simulated versus observed pressure drawdown over time for the east segment of the Barracouta
field using the homogenous model for selected porosity/permeability realisations. Test 6 (0.3/500 mD), Test 10
(0.2/500 mD), Test 11 (0.3/500 mD), Test 13 (0.25/1000 mD), Test 14 (0.25/1000 mD).

Figure A- 29: History of simulated (blue) versus observed (grey) gas cumulative production for the Test 10 poroperm case.
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Figure A- 30: Cross-section showing initial (1968) and simulated gas saturation in response to production up to
2010 in the east and west segments of the Barracouta field for the Test 10 poro-perm case.

A.6.4 HISTORY MATCH OF THE CARBONNET MODEL
More than 20 different Barracouta gas production simulations were run. The models were modified with
respect to three key aspects:
x
x
x
x

Original gas in place
Connection of east-west reservoir segments
Cobia-Halibut permeability
Aquifer support

The details of the different runs are not presented here. Only results from the final history matched model are
presented.
To increase the OGIP and achieve a history match of the gas production rate (Figure A- 31), the pressure
drawdown (Figure A- 32) and the GWC changes over time (Figure A- 34, Figure A- 35), the porosity of the
model within the reservoir was increased by a factor 3. Although, it is highly unlikely to encounter porosity in
the range of 80-90 % in any real sedimentary rock, this modification was needed to increase the pore volume.
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Alternatives would be to apply this change on the pore volume directly or to make a change to the reservoir
structure. The latter would require a change to the geological model which was beyond the scope of this study.
To increase the hydraulic communication between the west and east reservoir segments, the porosity and the
permeability of three layers of the reservoir were modified to 20% porosity and 1000 mD in the depth interval
1140 m and 1150 m. In addition, the permeability values in the Cobia and Halibut intervals outside the reservoir
were multiplied globally by 7.5 (capped at 5 Darcy) and the aquifer boundary conditions were adjusted according
to Table A- 4. This resulted in a reasonable match to pressure observations at Beardie-1 (Figure A- 36).
There remains a problem with matching the latter part of the production history, because the model predicts a
smaller than observed pressure drawdown between 1998 and 2010. This could be due to an excess in aquifer
support, but attempts to fix this by changing boundary conditions or vertical continuity of the aquifer properties
were unsuccessful. Alternatively, it may be the result of erroneous production rates applied in the model,
because although production rates are reportedly decreasing after 1990 (Figure A- 31), there is no observed
recovery of reservoir pressures. Another alternative is the far-field pressure influence of production from other
oil and gas fields in the basin.
Table A- 4: Properties of the aquifer boundaries for the history matched model.

Aquifers

Porosity (fraction)

Permeability (mD)

Thickness (m)

Radius
(m)

Pore volume (GL)

Eastern

0.2

15

1000

25000

392500

Western

0.2

15

1000

14000

123088

Northern

0.2

15

1000

6000

22608

Southern

0.2

15

1000

12000

90432

Total
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Figure A- 31: History of simulated (red) versus observed (blue) gas cumulative production for the calibrated
model. The annual production rates are shown by the black line.
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Figure A- 32: Simulated pressure drawdown over time for the field and both reservoir segments compared to
data from Hart et al. (2006).
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Figure A- 33: Cross-section through the Barracouta field showing the distribution of porosity (top) and
permeability (bottom) for the best-fit model. X and z coordinates in metres. See Figure A- 7 for line of crosssection.
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Figure A- 34. Cross-section showing initial (1968) and simulated gas saturation in response to production up to
2010 in the east and west segments of the Barracouta field for the case of the calibrated CarbonNet model.
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Figure A- 35: Simulated versus observed gas water contact over time at the Barracouta 2 location (East segment
and vicinity of the Barracouta gas producers). The straight horizontal lines are observations of gas water
contact. Color of straight lines corresponds to the ages of the gas saturation curves.

Figure A- 36: Simulated versus observed pressure data at the Beardie-1 well location.
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A.7

Water equivalent production

To investigate the water equivalent production rate and cumulative production volumes required for the
Petrasim/TOUGH2 simulations, water production simulation were performed using the history-matched
geological model. The pressure differences in response to water production at selected locations (below the
East segment, at Beardie-1 well, at Mulloway-1 and at Injector 2) in the model were compared with gas
production simulations (Figure A- 37). Equivalent water volumetric rates as estimated in Phase I were initially
applied. The results show a good match between the pressure in the gas production model and in the water
production model. Therefore, the equivalent water volume rates were used for CO2 injection simulations
described in the main part of the report.
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Figure A- 37: Simulated pressure differences at selected location within the model in response to gas
production (blue) and volumetrically equivalent water production (red).
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45

A.8

Simulation scenarios of CO2 injection

A similar workflow as described in Section 4.2 of the main report was used for translating and upscaling the
CarbonNet model for simulations in PetraSim/TOUGH2:
1. Simulations to constrain the pre-stress hydrodynamic initial conditions.
2. Simulations of fluid production from the Barracouta field.
3. Simulations of CO2 injection and post-injection.

A.8.1 MODEL SETUP
For the CO2 simulations the same model grid was used as in Phase I and the large fine-scaled CarbonNet
model was upscaled and mapped into the existing grid. The upscaling involved four steps:
1. The fine scale CarbonNet model version 3.3.1 permeability values along the x-direction and effective
porosity values were upscaled to the Petrasim/TOUGH2 model grid. As the CarbonNet model did not
include the Gippsland Limestone or the bottom of the Halibut and the Golden Beach formations,
property estimates from these formations were taken from the latest Petrasim Phase 1 model. As the
area covered by the CarbonNet 3.3.1 model did not extent onshore as much as the Petrasim model,
property estimates outside the CarbonNet 3.3.1 model were taken as the latest Petrasim Phase 1
model. The upscaling algorithm used for the transfer of properties from the CarbonNet 3.3.1 grid to
the Petrasim grid was constrained by depth to ensure as much as possible continuity of horizontal
bedding. For the permeability along the x-direction, a geometric average method was used. For the
effective porosity, an arithmetic average method was applied (Renard and de Marsily, 1996).
Permeability in the y-direction was assumed to be identical to permeability along the x-direction. To
account for lateral/vertical anisotropy, a multiplier 1/10 was used to calculate the vertical permeability.
2. The porosity/ permeability relationship was then investigated to quality control the outcome of the
upscaling. Upscaled permeabilities were modified so that the porosity-permeability correlation at the
fine scale CarbonNet 3.3.1 model and at the Petrasim grid were identical. This step was added to
Phase 1 as the petrophysical modelling of the new CarbonNet model was improved significantly.
3. The porosity and permeabilities estimates of the Barracouta reservoir were changed to 25% porosity
and 1000 mD permeability.
4. Eighteen different rock facies were defined from the permeability and porosity values computed during
phase B. The range of porosity and permeability variation was first divided into 18 regions scattering
the entire range. For each region, the facies was estimated by geometric (for permeability) and
arithmetic (for porosity) averaging from the porosity/permeability distribution of the upscaled
CarbonNet geological model with focus on the permeability range 0.09 to 5000 mD.
The results for the respective permeability-porosity correlations are shown in Figure A- 38 and the permeabilityporosity facies used in the PetraSim model are listed in Table A- 5. As a result of the upscaling, the vertical
resolution of the model was reduced significantly in the Cobia-Halibut section from 266 layers to 21 layers
(Figure A- 39). The lateral grid size was increased from 100 m to 450 m.
Following the experience from the Barracouta history matching, the permeability values were multiplied
globally by 7.5 for the flow simulations, except for Facies 1 representing the hydraulic properties of the
Gippsland Limestone and Lakes Entrance formations.
Due to time constraints and a change in the CarbonNet modelling staff it was not possible to have an
appropriate discussion of the upscaling results and model comparison as was initially planned in the project
scope. Also, contrary to the workflow in Phase I (see Figure 29 in the main report) there was no manual model
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adjustment step performed in Phase II and as a result the contiguity of the intraformational seals, particularly
the one at the base of the Cobia, was lost in the upscaling process.
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Figure A- 38: Rock facies derived from the upscaling of porosity-permeability values from the CarbonNet model
to the PetraSim/TOUGH2 model. See Table A- 5 for porosity and permeability values of the different facies.
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Table A- 5: Petrasim/ TOUGH2 rock facies with associated horizontal permeability and porosity values.

Rock
facies
number

Porosity
(%)

Permeability
(mD)

1

0.05

0.09

2

0.06

0.33

3

0.07

0.73

4

0.08

2.08

5

0.11

3.51

6

0.11

6.50

7

0.13

7.69

8

0.13

14.83

9

0.16

25.40

10

0.17

65.22

11

0.18

74.44

12

0.18

171.94

13

0.21

314.16

14

0.17

508.56

15

0.22

698.84

16

0.20

1315.75

17

0.24

1433.95

18

0.24

5000.00
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Injector 1

Injector 1

Injector 1

Figure A- 39: West-east cross-section through the location of Injector 1 showing the permeability distribution of
the fine-scaled CarbonNet model (top), upscaled PetraSim model (middle) and facies-based PetraSim model. X
and z scales are in metres. Note that the CarbonNet model does not include the Gippsland Limestone and the
Golden Beach (top three layers and bottom three layers, respectively in the PetraSim model).
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A.8.3 SIMULATIONS OF PRE-PRODUCTION FLOW SYSTEM AND
BARRACOUTA PRODUCTION IMPACTS
Pre-production simulations for determining the initial conditions, assignment of boundary conditions and
Barracouta production simulations were performed following the same workflow and using the same
parameters as described in Sections 4.2.3 and 4.2.4 of the main report, the only difference being the update
of porosity and permeability distributions. The upscaled model in Figure A- 39 was further adjusted to account
for the high permeability in the Cobia-Halibut interval and sufficient reservoir volume in the Barracouta field as
determined by the Barracouta field calibration efforts.
Examples of the simulated salinity distribution and hydraulic heads that form the initial conditions for the
production and CO2 injection simulations are shown in Figure A- 40 to Figure A- 43. Generally, these results
compare well with the respective outcomes of the Phase I simulations. However it should be noted that there
was not sufficient time to carry out the Phase II simulations with the same scrutiny as Phase I, and there are
some issues related to the grid configuration.

Figure A- 40: Simulation results of initial hydraulic-head distribution in the upper Halibut.
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Barracouta

Figure A- 41: Simulation results of initial salinity distribution in the upper Halibut (top) and Golden Beach
(bottom) and along a west-east cross section through the location of the Barracouta-A5 production well.
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Hydrocarbon production at Barracouta was simulated for 42 years using the upscaled model described in the
previous section using the equivalent water production rates from Section A8 and the results are shown in
Figure A- 42 and Figure A- 43. The pressure decline along the shoreline is predicted to be up to 100 kPa
(equivalent to 10 m hydraulic head) (Figure A- 43), which is comparable to values reported by Michael et al.
(2013). At the potential injection locations, the pressure difference is approximately 200-300 kPa.
There is no noticeable change in the salinity distribution is response to Barracouta production, with the
exception of local changes at the Cobia-Lakes Entrance boundary and along the low-salinity/high salinity
mixing zone where the initial salinity gradient is high.

Figure A- 42: Simulated pressure response to Barracouta production at different reservoir levels in comparison
to reported values by ESSO.
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Injector 1

Shoreline
Barracouta field

Figure A- 43: Simulated pressure decline in response to Barracouta production. Top: Map view of pressure
difference distribution at the top Cobia level (UTM coordinates in m); Middle: West-east cross-section through
Injector 1 (x-coordinates in m); Bottom: Pressure change at the top Cobia level along a west-east cross-section
through Barracouta-A5 for 1, 5, 15, 30 and 40 years of production.
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A.8.4 CO2 INJECTION SIMULATIONS
Distributions of pressure, temperature and salinity from the hydrocarbon production simulation were used as
initial conditions for the CO 2 injection simulations. Simulations of CO 2 injection were performed considering
the same two injection sites as in Phase I for two flow rates (1 and 5 Mt/year). Post-injection was not simulated
because due to the absence of a contiguous seal at the base of the Cobia, CO 2 migrates into the top of the
Pelican structure where it changes into a gas phase. The phase change cannot be simulated with the
TOUGH2-ECO2N module. During the injection sequence, hydrocarbon production at the Barracouta field was
assumed to continue for another 10 years at current production (adding an additional 0.4 Tcf gas production)
and then stop. The overall modelled hydrocarbon production for the Barracouta field reaches 1.9 Tcf compared
to an estimated 2.05 Tcf of reserves (Hart et al., 2006).
The distribution of the CO2 plume and pressure impacts at the end of injection for the two injection rates through
Injector 1 are shown in Figure A- 44. In both cases, the injected CO2 migrates eastward and accumulates in
the Pelican structure below the intraformational seal at the base of the Cobia Subgroup. There is a small
accumulation of CO2 at the top of the Cobia for the 5 Mt/year injection rate. The maximum predicted
overpressure due to injection for an injection rate of 5 Mt/year after 20 years is 1200 kPa (Figure A- 44, bottom).
The maximum radius of pressure impact is less than 10 km around Injector 1. In contrast to the impacts of
injection into a hydrostatically pressured aquifer, injection-induced overpressures in this model are partly
compensated by the large area of underpressure around the Barracouta field in the east and strong aquifer
pressure support from the western boundary.
The simulation results for CO2 plume and pressure impacts at the end of injection for the two injection rates
through Injector 2 (Figure A- 45) have similar patterns and magnitudes as those for Injector 1. In these cases,
CO2 migrates westward within the top of the Halibut interval into the Pelican structure and maximum
overpressures due to injection after 20 years are 565 kPa. There is a significant CO2 accumulation predicted
at the top of the Cobia for the 5 Mt/year injection rate. Although Injector 2 is located closer to the area of
production-induced underpressures than Injector 1, the hydraulic gradient is not strong enough to change the
direction of buoyancy-driven CO2 migration into the top of the Pelican structure.
It should be noted that the simulated migration of injected CO 2 from the injection interval in the Halibut into the
Cobia is due to the absence of a contiguous intra-formational seal at the base of the Cobia in the upscaled
model, in contrast to the original model provided by CarbonNet. Therefore the results of the model scenarios
described in this section could be considered as an extreme or worst case scenario with a ‘leaky’ seal at the
base of the Cobia.

Generally, the plume sizes, their containment within the larger Pelican structure and the pressure responses
are comparable to the results in the main part of this report. The main difference is the more detailed migration
of CO2 in distinct layers and absence of migration into the Cobia in the scenarios described in the main report,
as these scenarios used a geological model representation with well-defined high- and low permeability layers.
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Injector 1

Injector 1

Injector 1

Figure A- 44: CO2 saturation along a W-E cross-section through Injector 1 after 20 Years of CO2 injection
through Injector 2 for injection rates of 1 Mt (top) and 5 Mt (middle). The bottom cross-section shows the
distribution of pressure change after 20 years of CO2 injection at a rate of 5 Mt/year. Scales in metres.
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Injector 2

Injector 2

Injector 2

Figure A- 45: CO2 saturation along a W-E cross-section through Injector 2 after 20 Years of CO2 injection
through Injector 2 for injection rates of 1 Mt (top) and 5 Mt (middle). The bottom cross-section shows the
distribution of pressure change after 20 years of CO2 injection at a rate of 5 Mt/year. Scales in metres.
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Figure A- 46 shows in more detail the impact of hydrocarbon production and CO 2 injection on pressure at
selected well locations. Before the commencement of CO 2 injection all wells are underpressured to various
degrees due to production from Barracouta. The production-induced underpressures range from -1400 kPa at
Barracouta-A5 to approximately -10 kPa at Lake Reeve-1. At all locations the predicted underpressures would
not have recovered significantly after 20 years in the case of no CO2 injection. Only in the vicinity of the Pelican
structure (Golden Beach-1A, Injector 1, Injector 2), pressures after 20 years of CO2 injection are forecasted to
exceed pre-hydrocarbon production pressures by up to 1000 kPa. These overpressures are limited to the
injection interval in the top of the Halibut Subgroup and are slightly higher than those predicted in the respective
modelling scenarios in the main report. In the onshore wells (Dutson Downs-1, Carr’s Creek-1, Lake Reeve1), CO2 injection pressures appear to counterbalance the production-induced underpressures, at least in the
top of the Halibut, without resulting in any noticeable overpressures with respect to pre-hydrocarbon production
conditions. In the eastern part of the model area, underpressures are predicted to recover slightly more rapidly
due to the impact of CO2 injection, but not reaching pre-production conditions. These latter results need to be
considered with caution given the simplification of model parameters in this part of the model.
The impacts of injection and production on changes in salinity at selected well locations are shown in Figure
A- 47. At the CO2 injection wells, a salinity change between -800 to +1000 mg/l is simulated for the injection
interval and appears to be the result of water dissolving into CO 2 in close vicinity of the injector. Barracouta
production does not appear to affect salinity at the two injectors.
Salinity of formation water in the onshore wells does not appear to be impacted by either production or injection.
A slight salinity decrease of up to 200 mg/l is simulated at the Cobia-Lakes Entrance interface, in response to
the penetration of low-salinity water from the Cobia into the lowest cells of the Lakes Entrance seal.
Overall, better discretisation of the initial salinity distribution resulted in less erroneous salinity changes than
were observed in the main-report simulations.
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Figure A- 46: Comparison of simulated pressure changes at selected wells in response to 42 years of
hydrocarbon production and 20 years of CO2 injection.
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Figure A- 47: Comparison of simulated salinity changes at selected wells in response to 42 years of
hydrocarbon production and 20 years of CO2 injection. The initial salinity profile is shown as blue dashed line.
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A.9

Conclusions

The attempt to history match production from the Barracouta field using the reservoir simulator TEMPEST
resulted in the following main conclusions and recommendations:
1. The geological property model originally provided by CarbonNet did not provide adequate reservoir
volume to match the reported gas-in-place values. The main reason would be an incorrect structural
shape for the East Barracouta field. In this study, the porosity was increased to values that are not
realistic to achieve the required gas-in-place volumes without rebuilding the model.
2. The initial model did not allow for sufficient aquifer support and hydraulic communication within the
reservoir. In order to accurately simulate the observed change in the gas-water contact in the east and
west segments of the Barracouta field, the permeability of the reservoir rocks had to be increased in
addition to the change in porosity values.
3. Changes to the porosity and permeability were only made for the reservoir area of the Barracouta field.
It is debatable whether similar changes are required for the remainder of the model because of the
overall uncertainty regarding the characteristics of the Barracouta field. The adjusted model resulted
in reasonable calibration of pressure observations in the far-field of Barracouta and was therefore
deemed to be appropriate for performing the CO2. However issues of non-uniqueness remain with
respect to porosity/permeability distribution versus reservoir volume and aquifer boundary conditions.
This should be further investigated in future studies.
4. Irrespective of the uncertainty related to the Barracouta reservoir properties, the modelling results
suggest that using water production rates volumetrically equivalent to the gas production is an
adequate simplification to be applied to the PetraSim/TOUGH2 simulations.
Due to time constraints and staff changes at CarbonNet, applying the Phase II calibration result of the
Barracouta area to the larger model area for the CO2 simulations could not progress as initially set out in the
scope of the project. Issues related to this part of the modelling exercise and limited results are summarised
below:
5. Although CarbonNet provided an updated geological model, this model was too detailed for performing
PetraSim/TOUGH2 simulations without considerable upscaling. Particularly vertically the model
needed to be reduced from 266 to 20 layers. As a result, relatively thin intra-formational seals, e.g. at
the base of the Cobia could not be resolved in the PetraSim model. This means that the resolution of
the PetraSim model is too coarse for accurately predicting CO 2 migration as it is affected by reservoir
heterogeneity and intraformational seals. Better upscaling procedures or better gridding might be able
to preserve the effect of intra-formation seals in the coarser model e.g. if one used harmonic averaged
of a stack of layers to get an effective vertical permeability, or if one preserved a thinner sealing layer
in the coarser model. Still, the general prediction is valid that for the simulated cases, CO2 will be
contained within the Pelican structure.
6. Predictions of only slight pressure changes (up to 100 kPa) and negligible salinity changes in onshore
wells in response to Barracouta production are consistent in both Phase I and Phase II simulations.
7. Phase II modelling results suggest that the initial hydraulic property distribution in the updated
CarbonNet model did not provide sufficient regional hydraulic communication for accurately predicting
the observed pressure response to Barracouta production; hence permeability needed to be upscaled
globally by a factor of 7.
8. A sensitivity assessment, aside from the adjustments of parameters and boundary conditions for the
Barracouta history matching, was not performed.
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Latrobe aquifer system, Gippsland Basin, Australia. Cooperative Research Centre for Greenhouse Gas
Technologies, Canberra, Australia, CO2CRC Publication No. RPT13-4274, 67 pp.

123
Commercial-in-Confidence



This page is intentionally left blank

CONTACT US

Melbourne

Canberra

Adelaide

Level 3, Earth Sciences Building
University of Melbourne
253–283 Elgin Street, VIC 3010
PO Box 1182, Carlton VIC 3053

 

Ms Tania Constable
Chief Executive
Address TBA
Ph: +61 3 90 363 149
Email: Tania.Constable@co2crc.com.au

Dr Matthias Raab
Program Manager for CO2 Storage
Email: Matthias.Raab@co2crc.com.au
Ms Ching Gee
Business Manager
Email: Ching.Gee@co2crc.com.au
Mr Rajindar Singh
Otway Operations Manager
Email: Rajindar.Singh@co2crc.com.au

Sydney

Prof John Kaldi
Chief Scientist
Australian School of Petroleum
The University of Adelaide, SA 5005
Ph: + 61 8 8303 4291
Fax: + 61 8 8303 4345
Email: John.Kaldi@co2crc.com.au

Prof Dianne Wiley
Program Manager for CO2 Capture
The University of New South Wales
UNSW Sydney, 2052
Ph: + 61 2 9385 4755
Email: Dianne.Wiley@co2crc.com.au

Perth
Mr David Hilditch
Commercial Manager
PO Box 1130, Bentley, Western
Australia, 6102
Ph: + 61 8 6436 8655
Fax: + 61 8 6436 8555
Email: David.Hilditch@co2crc.com.au

researching carbon capture and storage

